





for rule disapproval but were recommended for the rulemaking for Rule 322. Revisions
addressing both the EPA’s identified deficiencies and recommendations were made to Rule
322 (included in this notice). A link to EPA’s TSD is located under Section 5 of this notice.

On July 20, 2020, the EPA published a final rule disapproving Rule 322 in the Federal
Register. The effective date of final rule disapproval was August 19, 2020. The final rule
disapproval requires the EPA to promulgate a federal implementation plan (FIP) within two
years of the effective date of the final action unless a subsequent SIP revision that corrects
the rule deficiencies is submitted and approved by the EPA. Final rule disapproval also
triggers offset sanctions unless the EPA approves a subsequent SIP revision within 18
months of the effective date of the final action and triggers highway sanctions unless the
EPA approves a subsequent SIP revision within 24 months of the effective date of the final
action.

Details about the EPA’s identified deficiencies and the MCAQD’s remedies are described
below, followed by the EPA rule recommendations and the MCAQD’s revisions to address
the recommendations.

Deficiency 1:
Section 104.2 contains overly broad exemptions for units firing on emergency fuel. This is a

RACT approvability issue since other similar rules for this category do not contain the broad
exemptions for unlimited periods of gas curtailment or delivery interruption. To be
consistent with other RACT rules, the District should also limit the total allowable length of
emergency fuel burning to be consistent with other jurisdictions (see, Imperial County
APCD Rule 400.1 Section D.3).

Remedy 1:
The MCAQD clarified the exemption in Section 104.2 only applies during natural gas

curtailments and natural gas emergencies and limited the amount of time emergency fuel can
be used for a natural gas curtailment or natural gas emergency to 168 hours per calendar year
per combustion unit.

Deficiency 2:
Section 104.3 allows units that only fire emergency fuel for 36 hours to be exempted from

certain emission limits. This section needs to be amended to clarify the exemption is only
valid during the 36 hours or less per year when emergency fuel is used.

Remedy 2:
The MCAQD revised the exemption in Section 104.3 to clarify it only applies when a unit is

combusting emergency fuel for the purposes of testing, reliability, training, and maintenance
for up to 36 hours per year per combustion unit.

Deficiency 3:
Sections 306.1 and 306.2 allow for an owner or operator to comply with the rule by

submitting a case-by-case RACT analysis that will be incorporated into the permit. This
effectively exempts the source from the rule’s NOx limits, CEMS requirements, and
administrative requirements. This conflicts with the EPA’s current policy on Control Officer
discretion. To be approvable for RACT, the option to submit a case-by-case RACT analysis
should be removed, or the case-by-case RACT alternative must be submitted for SIP
approval.

Remedy 3:



The MCAQD added a provision stating that any case-by-case RACT alternative approved by
the Control Officer must be submitted for SIP approval and approved by the Administrator.

Deficiency 4:
The RACT limits provided for NOx-emitting combustion units in sections 306.1 and 306.2

are appropriate for stationary turbines. However, Rule 322 also applies to steam generating
units. RACT limits for these types of units is generally found to be more stringent (for
example, limits in many other jurisdictions are 30 ppmv for gas fuel fired units, and 40 ppmv
for liquid fuel fired units). The County must reduce the overall limit for all applicable units
to be at least as stringent at those demonstrated in EPA guidance or in other SIP approved
regulations or include a separate RACT limit applicable to steam generating units.
Alternatively, the County must provide a demonstration that the existing limits, or other
limits adopted in a modified rule, are appropriate and constitute RACT for Maricopa
County.

Remedy 4:
The MCAQD added separate NOx emission limits for new steam generating units of 30

ppmvd when burning gaseous fossil fuel and 40 ppmvd when burning liquid fossil fuel to
meet RACT.

Deficiency 5:
Section 402 describes the compliance schedules and requirements for NOx in units that are

found to be non-compliant. Owners and operators must comply with section 402.2
Increments of Progress, or section 402.3 Removal From Service. Increments of progress
(i.e., compliance deadlines) may be extended by the Control Officer as needed. This Control
Officer discretion, which conflicts with EPA’s current policy on Control Officer discretion,
should be removed or appropriately constrained. Section 402.3 allows for the removal from
service process to last up to a total of two years, or more time if the County did not act
expeditiously on the permit revision. Units are exempt from NOx limits during this time.
The amount of time that these units are out of compliance should be bounded and
minimized, e.g. by providing a backstop date by which all units must achieve compliance.

Remedy 5:
The MCAQD removed the provision in Section 402 that allowed the Control Officer to

extend the deadlines for increments of progress. In addition, the MCAQD revised Section
402.3 (new Section 402.2) to state that all combustion units must comply with Section 306 of
the rule or be removed from service within 24 months after the unit becomes subject to the
requirements of Section 306 of the rule.

Deficiency 6:
Rule 323, section 503.2 requites boilers of 100 MMBtu/hr or greater heat input to conduct

triennial stack tests. Rule 322 should require a similar or more stringent requirement for all
EGU boilers and turbines in the same size category.

Remedy 6:
The MCAQD revised Rule 322 to require annual performance tests for any equipment listed

in Section 102.1 or 102.2 that is subject to numeric emission limits in section 306 and 307.
However, if the NOx or CO emission result from any performance test is less than or equal
to 75 percent of the NOx or CO emission limit, the owner or operator may reduce the
frequency of subsequent performance tests to once every 2 years (no more than 26 calendar
months following the previous performance test). If the results of any subsequent



performance test exceed 75 percent of the NOx or CO emission limit, the owner or
operator must resume annual performance tests.

Recommendation 1:

Section 302 describes good combustion practices for turbines and states that any of three
practices listed in 302.1, 302.2, or 302.3 may be chosen. Section 302.3 says that if there is a
pattern of non-compliance with the differential temperature measurement as required in
302.1, the Control Officer may require a Corrective Action Plan (CAP). This appears to
allow a facility to remain out of compliance with the good combustion practice requirement.
We recommend revising this section to indicate that the Control Officer shall require the
operator to submit a CAP.

Revision 1:
The MCAQD revised the language in Section 302 including removing Section 302.3.

Recommendation 2:

Section 302 states that if the owner or operator is using a CEMS or “other approved
monitoring method,” then the equipment is otherwise exempt from the requirements of
302.However, this is problematic, as section 302.3 requires that a CAP must be submitted to
the Control Officer to remedy operation errors.It does not appear that an owner or operator
will need to take corrective action if a CEMS-equipped unit detects operation error. Please
include language that states that a CEMS-equipped unit should take similar corrective action
if an operational error is detected.Section 302 also states that an owner or operator of an
applicable stationary gas turbine “shall” use good operational practices, but then states that
one of the following procedures “may” be used.Please clarify that the second statement also
shall require one of the procedures listed in the subsections of Section 302.

Revision 2:

The MCAQD added Section 501.6b which requires an owner or operator using CEMS to
demonstrate good combustion practices to record corrective actions taken each time the
CEMS indicates an exceedance of the applicable emission limits in Section 306 or 307. The
MCAQD also removed the word “may” from the Section 302 introduction language.

Recommendation 3:
Section 303.2 should be revised to include the units for total dissolved solids (e.g., 20 mg/L).

Revision 3:
The MCAQD added “ppm” as the unit measure for total dissolved solids.

Recommendation 4:

Section 306 specifies a 30-day rolling average be used to determine compliance with
applicable NOx limits for units equipped with CEMS. This averaging period is too long
compared to the compliance determination requirements if a facility was using standard
source test methods. CEMS determination requirements should at least match the
requirements for source tests (1-hour sample time), and averaging could be conducted over a
24-hour rolling period (see, e.g., SIP-approved Ventura County APCD Rule 59, section B.1.).

Revision 4:
The MCAQD replaced the 30-day rolling average to determine compliance with applicable
NOx limits with a 24-hour rolling average.

Recommendation 5:
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Studies relied on in the control officer's evaluation of or justification for the rule and
where the public may obtain or review the studies, all data underlying the studies,
any analysis of the studies and other supporting material.

United States Environmental Protection Agency Region IX Air Division (2019), Technical
Support Document for EPA’s Rulemaking for the Arizona State Implementation Plan
Regarding Rule 322, “Power Plant Operations.”

https://www.regulations.gov/document?D=EPA-R09-OAR-2019-0321-0010

An economic, small business and consumer impact statement:

The following discussion addresses each of the elements required for an economic, small
business and consumer impact statement, as prescribed by A.R.S. §§ 41-1055, subsections A
B and C, and 41-1035:

3

An identification of the rulemaking, including all of the following:

This rulemaking revised Rule 322.

(@) The conduct and its frequency of occurrence that the rule is designed to change.

The MCAQD revised Rule 322 to remedy deficiencies identified by the EPA. This
rulemaking is required to secure approval of Rule 322 into the Arizona SIP.

The revisions are explained in more detail in Item #4 of this notice.

(b) The harm resulting from the conduct the rule is designed to change and the
likelihood it will continue to occur if the rule is not changed.

The MCAQD revised Rule 322 to remedy deficiencies identified by the EPA. This
rulemaking is required to secure approval of Rule 322 into the Arizona SIP and avoid
sanctions and imposition of a Federal Implementation Plan (FIP) under the Clean Air
Act.

(c) The estimated change in frequency of the targeted conduct expected from the
rule change.

The MCAQD revised Rule 322 to remedy deficiencies identified by the EPA. This
rulemaking is required to secure approval of Rule 322 into the Arizona SIP.As with other
rules, the MCAQD will use education, outreach, and other compliance assurance tools to
increase the number of people in compliance with the revised rule.

The MCAQD strives to achieve the highest possible compliance rates.

A brief summary of the information included in the economic, small business and
consumer impact statement.
The economic, small business and consumer impact statement addresses each of the

elements required for an economic, small business and consumer impact statement, as
prescribed by A.R.S. §§ 41-1055, subsections A, B, and C, and 41-1035.







any equipment operated under the exemption. A minor permit revision application costs
$150.00 and permit engineering hours cost $161.10/hr.

The MCAQD does not anticipate any effect on the revenues or payroll expenditures of
sources who are subject to the rulemaking.

Probable Benefits: The main benefit of adopting the rule is to remedy deficiencies
identified by the EPA and thereby avoid sanctions and the imposition of a FIP. This
includes avoiding offset sanctions which, if imposed, would increase the current offset
ratio in Maricopa County of emission reductions to increased emissions from 1.15 to 1
to at least 2 to 1. In addition, some of the revisions included in the rule were proposed
by the sources directly affected by the rulemaking to improve rule clarity. The MCAQD
anticipates the increased rule clarity will provide a benefit to those sources.

A general description of the probable impact on private and public employment in
businesses, agencies and political subdivisions of this state directly affected by the

rulemaking.

This rulemaking should have no impact on private or public employment in businesses,
agencies, and political subdivisions of this state.

A statement of the probable impact of the rulemaking on small businesses. The

statement shall include:

(a) An identification of the small businesses subject to the rulemaking.

There are no small businesses subject to this rulemaking.

(b) The administrative and other costs required for compliance with the rulemaking.

There are no small businesses subject to this rulemaking.

(c) A description of the methods that the agency may use to reduce the impact on
small businesses.

i. Establish less stringent compliance or reporting requirements in the rule for

small businesses.

There are no small businesses subject to this rulemaking.

ii. Establish less stringent schedules or deadlines in the rule for compliance or
reporting requirements for small businesses.

There are no small businesses subject to this rulemaking.

iii. Consolidate or simplify the rule's compliance or reporting requirements for

small businesses.
There are no small businesses subject to this rulemaking.

iv. Establish performance standards for small businesses to replace design or
operational standards in the rule.

There are no small businesses subject to this rulemaking.

|<

Exempt small businesses from any or all requirements of the rule.

There are no small businesses subject to this rulemaking.



[~

|%°

(d) The probable cost and benefit to private persons and consumers who are directly
affected by the rulemaking.

This rulemaking should not result in any significant costs for private persons and
consumers.

A statement of the probable effect on state revenues.

The rulemaking will not impose increased monetary or regulatory costs on other state
agencies, political subdivisions of this state, persons, or individuals so regulated. Without
costs to pass through to customers, there is no projected change in consumer purchase
patterns and, thus, no impact on state revenues from sales taxes.

A description of any less intrusive or less costly alternative methods of achieving the
purpose of the rulemaking, including the monetizing of the costs and benefits for

each option and providing the rationale for not using nonelected alternatives.

The purpose of this rulemaking was to revise Rule 322 to remedy deficiencies identified by
the EPA. This rulemaking is required to secure approval of Rule 322 into the State
Implementation Plan (SIP) and avoid sanctions and imposition of a FIP under the Clean Air
Act.

A description of any data on which a rule is based with a detailed explanation of how
the data was obtained and why the data is acceptable data.

Not applicable.

The effective date of the rule:

The effective date of this rulemaking was June 23, 2021.

Such other matters as are prescribed by statute and that are applicable to the county
or to any specific rule or class of rules:

Under A.R.S. § 49-479(C), a county may not adopt a rule or ordinance that is more stringent
than the rules adopted by the Director of the Arizona Department of Environmental Quality
(ADEQ) for similar sources unless it demonstrates compliance with the applicable
requirements of A.R.S. §49-112.

§ 49-112 County regulation; standards
§ 49-112(A)

When authorized by law, a county may adopt a rule, ordinance or regulation that is more
stringent than or in addition to a provision of this title or rule adopted by the director or any
board or commission authorized to adopt rules pursuant to this title if all of the following
requirements are met:

1. The rule, ordinance or regulation is necessary to address a peculiar local condition.
2. There is credible evidence that the rule, ordinance or regulation is either;

(a) Necessary to prevent a significant threat to public health or the environment that
results from a peculiar local condition and is technically and economically feasible.

(b) Required under a federal statute or regulation, or authorized pursuant to an
intergovernmental agreement with the federal government to enforce federal statutes









Response #4: The requested revision was made.

Comment #5: Section 302.4 — It is [our company's] experience that Maticopa
County already executes its enforcement authority at the time that an exceedance of
any emission limitation occurs.Typically the County will issue a Notice of Violation,
and, if necessary, an Administrative Order of Abatement on Consent (AOC) to
correct the exceedance.The conditions of both the NOV and the AOC can include
the authority to require injunctive relief which could include the development of a
corrective action plan.Since each exceedance should be reviewed on a case-by-case
basis, and the authority to seek injunctive relief already exists, [our company| does
not believe that this provision of the rule is necessary and recommends the deletion
of this Section.

Response #5: The MCAQD considered your comment and removed the provision
from the rule.

Comment #6: Section 303.2 — Maricopa County added a requirement to provide in
writing the manufacturer’s affirmation of the % drift rate.For existing cooling
towers, [our company] is concerned that this information may not be available as
there was no requirement to maintain the written affirmation of % drift rate when
the existing cooling towers were permitted and built. [Our company] believes that it
will be difficult to obtain documentation now after a decade or more post
construction.[Our company| proposes that the requirement be amended to require
documentation of % drift rate of any new or reconstructed cooling towers as of the
date of the re-issued rule.

Response #6: The MCAQD considered your comment and removed the
requirement from the rule; however, it should be noted that Section 503.2 of the rule
in this notice states the following:

Drift Rate Verification: An owner or operator shall submit design drift rate
verification from the manufacturer of the drift eliminator used in the cooling towers
to the Control Officer if proof of the design drift rate is requested by the Control
Officer.

Comment #7: Section 307 — [Our company] requests the following change: “An
owner or operator of any equipment listed in Section 102 of this rule shall not cause
to be discharged into the atmosphere carbon monoxide (CO) measured in excess of

400 ppmvdc per operating houratanytime.”

Response #7: Section 307 was revised as follows: An owner or operator of any
equipment listed in Section 102.1 or 102.2 of this rule shall not cause to be
discharged into the atmosphere carbon monoxide (CO) measured in excess of 400
ppmvd corrected to 15% oxygen for stationary gas turbines, and corrected to 3%
oxygen for steam generating units.

Comment #8: Section 501.7 —[Our company]| requests the following correction:
“Equipment Referenced-in-Seettions1+04-4,306-1-and-306:2 Operating Below less
than or equal to 10% of Annual Capacity:”

Response #8: Section 501.7 was removed from the rule.



Comment #9: Section 503.4 — This section should be corrected as follows: “CEMS:
An owner or operator using a CEMS to demonstrate compliance with Section 302,
300, or 307 shall install, operate, calibrate, maintain, and test the CEMS in
accordance with 40 CFR Part 60 or 40 CFR Part 75. Excess emissions for Section
306 are defined as any period during which the 24-hour rolling average emission rate
exceeds the applicable numeric emission limit. Excess emissions for Section 307 are
defined as any period which an operating hour average emission rate exceeds the
applicable numeric emission limit.

Response #9: Section 503.4 was renumbered to Section 503.6 and revised to read as
follows: CEMS: An owner or operator using a CEMS to demonstrate compliance
with Section 302, 306, or 307 shall install, operate, calibrate, maintain, and test the
CEMS in accordance with 40 CEFR Part 60 or 40 CFR Part 75.

a. EBxcess emissions for Section 306 are defined as any period during which the 24-
hour rolling average emission concentration exceeds the applicable numeric
emission limits.

b. Excess emissions for Section 307 are defined as any period during which the 30-
operating day rolling average emission concentration exceeds the applicable
numeric emission limits.

Comment #10: [Our Company] has reviewed MCAQD's revision to this section
[104.3] and would like to clarify that this exemption applies on a per unit basis and
proposes the following addition as indicated in red font:

104.3 While firing emergency fuel for purposes of testing, reliability, training, and
maintenance, any equipment listed in Section 102 of this rule that is normally fired
with natural gas is exempt from Sections 301, 306, 307, and 503 of this rule. This
exemption shall not exceed 36 hours per calendar year, per unit, excluding hours of
operating during natural gas curtailments and natural gas emergencies

Response #10: Section 104.3 was revised as follows: While firing emergency fuel for
purposes of testing, reliability, training and maintenance, any equipment listed in
Section 102 of this rule that is normally fired with natural gas is exempt from
Sections 301, 3006, 307, 501.4, 503.3, 503.4, 503.5, and 503.6 of this rule. This
exemption shall not exceed 36 hours per calendar year per combustion unit,
excluding hours of operation during natural gas curtailments and natural gas
emergencies.

Comment #11: [Our company] requests that MCAQD revise the definition of
Combustion Control System as follows:

COMBUSTION CONTROL SYSTEM: Equipment or technology, including but
not limited to, water injection or low-NOx burners that suppress NOx formation
during combustion of fossil fuels.

Response #11: The definition was revised as follows: Equipment or technology that
suppress NOx formation during combustion of fossil fuels, including but not limited
to, water injection or low-NOx burners.

Comment #12: [Our company] proposes that MCAQD revise Section 302.1 -
Parametric Monitoring to not remove the words "valid maximum" from this
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need to be revised following the timeframes in Section 402. The rule does
reference NSPS and NESHAP standards that facilities may be subject to as
well.

The MCAQD revised the definition to more closely match the federal
definition in 40 CFR Part 72 Subpart A. The definition reads as follows: A
clock hour during which a unit combusts any fuel, either for part of the hour
or for the entire hour.

EPA indicated that a 30-day rolling average is too long of a time period for
compliance determination (See EPA TSD Recommendation #4).

Section 302 was significantly revised. Please see Response #12.

Section 302 was significantly revised. Please see Response #12.

The MCAQD removed the alternative RACT requirements table and
reinserted the 10% calendar year annual capacity factor exemption.

Yes unless stated otherwise.
Section 501.6 was revised to read as follows:
Good Combustion Practices:

a. Good combustion practices shall be demonstrated by maintaining the
manufacturer’s recommended maintenance practices onsite and available
to the Control Officer upon request, by maintaining records of all
maintenance activities conducted on the turbines, and by maintaining
records of the test results of performance tests conducted under Section
503 (unless exempt from Sections 306 and 307 under the exemption in
Section 104.4).

b. If using CEMS to demonstrate good combustion practices, results of
evaluation and of cotrective action shall be recorded each time the CEMS
indicates an exceedance of the applicable emission limits in Section 306 or
307 of this rule.

c. For units equipped with water or steam injection, the owner or operator
shall maintain continuous records of the water to fuel ratio or the steam to
fuel ratio, unless the owner or operator uses CEMS to demonstrate
compliance with the emission limits in Sections 306 and 307, as applicable.

Per 40 CFR 60.4335 Subpart KKKK, (a) If you are using water or steam
injection to control NOx emissions, you must install, calibrate, maintain and
operate a continuous monitoring system to monitor and record the fuel
consumption and the ratio of water or steam to fuel being fired in the turbine
when burning a fuel that requires water or steam injection for compliance.
Your company had indicated they wanted to demonstrate compliance with the
emission limits based on their RATA results rather than CEMS.

Section 503.6 was revised to read as follows:



CEMS: An owner or operator using a CEMS to demonstrate compliance
with Section 302, 306, or 307 shall install, operate, calibrate, maintain, and
test the CEMS in accordance with 40 CFR Part 60 or 40 CFR Part 75.

a. EBxcess emissions for Section 306 are defined as any period during which
the 24-hour rolling average emission concentration exceeds the
applicable numeric emission limits.

b. Excess emissions for Section 307 are defined as any period during which
the 30-operating day rolling average emission concentration exceeds the
applicable numeric emission limits.

Comment #16: Although MCAQD’s existing inventory of equipment named in
Section 102.1 and 102.2 may all be located at major sources of NOx, this may not be
the case in the future. To align the applicability of the lower limits in this rule with
MCAQD’s stated intentions for the revised rule, the regulation must be revised to
clarify that the lower limits apply only to units located at stationary sources qualifying
as major sources of NOx. MCAQD can properly qualify the applicability of the
lower NOx emission limitations by adding Section 102.5 to the rule as follows: The
requirements for NOx emissions (NOx RACT) in this rule apply only to equipment
listed in 102.1 and 102.2 if the equipment is located at a major source of NOx.

Response #16: The MCAQD considered your comment but determined it was not
necessary to revise the applicability of the rule to clarify the NOx emission standards in
the rule only apply to equipment listed in 102.1 and 102.2 if the equipment is located at
a major source of NOx. Currently, as stated in your comment, MCAQD’s existing
inventory of equipment named in Section 102.1 and 102.2 are all located at major
sources of NOx. As such, all existing equipment is subject to the NOx RACT
emission limits. If a new minor source of NOx to which Rule 322 applies is built in
Maricopa County, that source will be subject to federal new source performance
standards (NSPS). The NSPS for NOx emissions for the equipment listed in Sections
102.1 and 102.2 are more stringent than the NOx RACT emission standards in Rule
322 so revising the applicability is not necessary. New minor sources will meet the
standards in the rule because they will have to meet the more stringent NSPS.

Comment #17: It is our understanding that MCAQD is considering adding a
provision to Rule 322 to require owners and operators to minimize the time spent at
idle or holding at low load levels for any steam generating unit or stationary gas turbine
to which the rule applies. Such a requirement would be inappropriate and, because it
creates an incentive to operate at higher load than necessary, is not environmentally
beneficial. As a result, [our company| recommends that the rule not impose
operational limits other than the requirements for good combustion practices in
Section 306.

Response #17: The MCAQD did not add a provision to Rule 322 to require owners
and operators to minimize the time spent at idle or holding at low load levels for any
steam generating unit or stationary gas turbine to which the rule applies.

Comment #18: Sections 306.1 through 306.3 of the current rule establish a
presumptive NOx RACT limit of 42 ppmv, on a dry basis corrected to 3% oxygen,
equivalent to 0.051 Ib/MMBtu, for electric utility steam generating units while burning



natural gas and 65 ppmv, on a dry basis corrected to 3% oxygen, equivalent to 0.083
Ib/MMBtu, for electric utility steam generating units while burning oil. This
presumptive NOx RACT limit applies to both existing and new steam generating
units, including the existing boilers associated with Units 1 through 3 at Agua Fria
Generating Station. As it pertains to existing units, this limit is unnecessarily stringent
and should be relaxed. A more appropriate presumptive NOx RACT limit for existing
electric utility steam generating units is that in the Texas NOx RACT rule approved by
EPA in April 2019: 0.26 Ib/MMBtu (HHV), rolling 24-hour average, and 0.20
Ib/MMBtu (HHV), 30-day rolling average, while burning natural gas. 30 TAC §
117.1205(a). 0.30 Ib/MMBtu (HHV), rolling 24-hr average, while burning only fuel oil.
30 TAC § 117.1205(c).

Response #18: The MCAQD revised the NOx RACT emission limit for existing
steam generating units to 0.1 Ib/MMBtu. This limit is consistent with what has been
approved as RACT in other jurisdictions (including Pennsylvania and New York). In
addition, the MCAQD discussed this limit with representatives from EPA Region 9
and they have indicated the limit is approvable for existing steam generating units.

Comment #19: Partial Exemption for Low Use EGUs - MCAQD is justified in
retaining the categorical partial exemption [Section 104.4] as currently codified because
control of NOx emissions from electric utility steam generating units and electric
utility stationary gas turbines with calendar year annual capacity factor equal to or less
than 10 percent is not cost effective as shown in Exhibits A and B to these comments.

It is our understanding that MCAQD is considering adding to the rule, in lieu of the
categorical partial exemption, case-by-case RACT requirements for electric utility
steam generating units and electric utility stationary gas turbines with calendar year
annual capacity factor equal to or less than a unit-specific threshold.

Response #19: The MCAQD retained the pattial exemption for low use EGUs;
however, the MCAQD modified the exemption to include a requirement to obtain
approval from the Control Officer and Administrator to operate under the exemption
and a requirement to operate under an annual heat input limit corresponding to the 10
percent calendar year annual capacity factor. The MCAQD removed the case-by-case
RACT requirements for electric utility steam generating units and electric utility
stationary gas turbines previously listed in the draft rule.

Comment #20: Alternative RACT NOx: [Our company]| strongly encourages
MCAQD to retain the categorical partial exemption as currently codified. If MCAQD
proceeds to remove this provision, then a revised rule must include alternative RACT
requirements for Units 1 through 6 at Agua Fria Generating Station and Units 4
through 6 at Kyrene Generating Station because the emission limitations in Section
306.1 do not represent NOx RACT for these units. For each of these units, in any
calendar year in which the annual capacity factor is equal to or less than 10 percent,
RACT should require [our company] maintain and operate the unit in accordance with
manufacturer’s specifications.

Response #20: As mentioned above, the MCAQD retained the partial exemption for
low use EGUs; however, the MCAQD modified the exemption to include a
requirement to obtain approval from the Control Officer and Administrator to operate



under the exemption and a requirement to operate under an annual heat input limit
corresponding to the 10 percent calendar year annual capacity factor.

Comment #21: [Our company] recommends that MCAQD revise the purpose
statement in Section 101 to inform the regulated community that Rule 322 satisfies
NOx RACT requirements under the federal Clean Air Act.

Response #21: The MCAQD does not have the authority to state Rule 322 satisfies
NOx RACT requirements under the federal Clean Air Act. The U.S. Environmental
Protection Agency (EPA) holds this authority.

Comment #22: Section 201 defines the “annual capacity factor” to mean either a heat
input-based ratio or an electric output-based ratio. Section 104.4 establishes a partial
exemption from certain rule requirements for units with calendar year annual capacity
factor equal to or less than 10 percent. For any given unit, in a given calendar year, the
heat input-based capacity factor is different from its electric output-based capacity
factor because efficiency varies with load. These provisions must be revised to clarify
whether the exemption threshold is based on heat input-based capacity factor or
electric output-based capacity factor.

Response #22: The MCAQD clarified the exemption threshold is based on heat-
input based capacity factor by revising the definition as follows:

ANNUAL CAPACITY FACTOR:The ratio between the actual heat input to a
stationary gas turbine or steam generating unit from the fuels burned during a calendar
year and the potential heat input to the stationary gas turbine or steam generating unit
had it been operated for 8,760 hours at the maximum rated heat input capacity.

Comment #23: It is our understanding that MCAQD is considering revising the
definition of the term “Continuous Emissions Monitoring System (CEMS”), currently
codified at Section 204, to refer to systems which “continuously sample and analyze.”
This revision would be inappropriate, as CEMS perform periodic, not continuous,
sampling and analysis. (See, for example, 40 CFR § 75.10(d)(1), providing that CEMS
required under the Acid Rain program must be “capable of completing a minimum of
one cycle of operation (sampling, analyzing, and data recording) for each successive
15-min interval.””) SRP suggests adopting the definition at A.A.C. R18-2-101 or the
nearly identical definition in the federal Clean Air Act at § 402(7).

Response #23: The MCAQD revised the definition as follows:

CONTINUOUS EMISSION MONITORING SYSTEM (CEMS): The total
equipment required to sample, analyze, measure, and provide a permanent record of
emissions by means of readings recorded at least once every 15 minutes (using an
automated data acquisition and handling system (DAHS)).

Comment #24: [Our company| recommends revising the definition of the term
“Electric Utility Steam Generating Unit” to clarify that, for purposes of the NOx
RACT emission limitations, duct burners and heat recovery steam generators which
are components of a combined cycle gas turbine are not considered Electric Utility
Steam Generating Units.

Response #24: The MCAQD considered your comment and did not revise the
definition of the term “Flectric Utility Steam Generating Unit”’; however, the



MCAQD revised the term “Combined Cycle Gas Turbine” to “Combined Cycle
Turbine System” and revised the definition as follows:

COMBINED CYCLE TURBINE SYSTEM:A type of stationary gas turbine wherein
heat from the turbine exhaust is recovered by a steam generating unit, with or without
supplemental heat (i.e. duct burner), to make steam for use in a steam-electric turbine.

In addition, the MCAQD is proposing to add the term Combined Cycle Turbine
System to Section 3006.1c of the draft rule to clarify which NOx RACT emission limits
a combined cycle turbine system is subject to.

Comment #25: The rule includes numerous references to the term “heat input.” With
the exception of Section 102.2, relating to applicability criteria for stationary gas
turbines, these references are ambiguous as to whether higher heating value (HHV) or
lower heating value (LHV) is intended. In particular, Section 102.1, relating to
applicability criteria for steam generating units, is silent as to whether the threshold is
based on HHV or LHV. Each such reference to the term “heat input” must be revised
to clarify whether the required measurement is based on HHV or LHV.

Response #25: The MCAQD clarified the term “heat input” by adding the phrase
“based upon the lower heating value of the fuel” at the end of Section 102.1.

Comment #26: It is our understanding that MCAQCD is considering adding to
Section 309 an additional notification provision requiring an owner or operator to
report the end of emergency fuel use within one business day. The current rule already
requires initial notification within 24 hours after declaration of the emergency that
necessitates use of emergency fuel and a follow-up written report within 48 hours after
commencing use of emergency fuel. These notification requirements are sufficient.
Three reporting requirements for a single, short-term event is overly burdensome and
is unnecessaty to enforce the 168 hour/year emetgency fuel use restricion. MCAQD
should retain only the 24 hour written report requirement, or the end of emergency
requirement, not both. Requiring end of event reporting is unnecessary because total
hours can be reported with Part 70 semi-annual monitoring and compliance reports.

Response #26: The MCAQD added an additional notification provision requiring an
owner or operator to report the end of emergency fuel use within one business day in
Section 309 and did not remove any pre-existing notification requirements. The
MCAQD does not consider the reporting requirements to be overly burdensome.

Comment #27: Section 504 includes numerous citations to EPA test methods
incorporated by reference, in each case referring to “40 CFR 60, Appendix A.” The
test methods in the appendices to part 60 were recodified in 2002. The correct
citations are as follows:

Methods 1 through 2D are in 40 CFR 60, appendix A-1
Methods 3-3C are in 40 CFR 60, appendix A-2
Methods 4-5 are in 40 CFR 60, appendix A-3

Methods 7-10 are in 40 CFR 60, appendix A-4

Method 20 is in 40 CFR 60, appendix A-7.

Response #27: The MCAQD revised Section 504 to correct the citations as indicated
by the commenter.



Comment #28: It is our understanding that MCAQCD is considering adding a
provision to Section 503 requiring that a CEMS used to demonstrate compliance with
NOx RACT emission limitations be operated in accordance with either 40 CEFR part
60 or 40 CFR part 75. [Our company] recommends that this provision include a
statement to clarify that, if the CEMS is operated in accordance with 40 CEFR part 75,
the missing data substitution procedures in part 75 do not apply for purposes of Rule
322.

Response #28: The MCAQD considered your proposed clarification but determined
it may cause more confusion than clarity and, for this reason, the MCAQD did include
it.

Comment #29: Section 503 - Revise to clarify that, for any unit for which a CEMS is
used to demonstrate compliance with the NOx or CO emission limitation in Section
306 or Section 307, respectively, excess emissions are defined as any period during
which the 24-hour average emission rate as measured using CEMS exceeds the
applicable numeric emission limit. The current (November 2016) rule is ambiguous
regarding averaging time, particularly with respect to Section 307.

Response #29: MCAQD added the following subsection to Section 503:

CEMS: An owner or operator using a CEMS to demonstrate compliance with Section
302, 3006, or 307 shall install, operate, calibrate, maintain, and test the CEMS in
accordance with 40 CFR Part 60 or 40 CFR Part 75.

a. Excess emissions for Section 306 are defined as any period during which the 24-
hour rolling average emission concentration exceeds the applicable numeric
emission limits.

b. Excess emissions for Section 307 are defined as any period during which the 30-
operating day rolling average emission concentration exceeds the applicable
numeric emission limits.

Comment #30: Section 503 - Revise to clarify that, for any unit for which a CEMS is
used to demonstrate compliance with the NOx or CO emission limitation in Section
306 or Section 307, respectively, annual performance tests are not required.

Response #30: The MCAQD added language to Section 503 to clarify any equipment
which uses a CEMS to demonstrate compliance with the NOx and CO emission
limitation in Section 306 or Section 307 will not be required to perform an annual
performance test.

Comment #31: Section 503 - Revise to provide for reduced frequency of
performance testing for units for which compliance has been consistently established.
For example, after two consecutive annual performance tests demonstrate that the unit
is complying with the NOx RACT requirement, testing should be required no more
than once every five years. EPA approved a similar RACT requirement into the SIP
for North Carolina.

Response #31: The MCAQD added language to Section 503 to provide for reduced
frequency testing for units for which the emission result from the performance test is
less than or equal to 75 percent of the emission limit for the unit. The language is
similar to that in NSPS KKKXK. The language reads as follows:
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104.2 Asny While firing emergency fuel during a natural gas curtailment or natural gas
emergency, any equlpment listed in Sectlon 102 of this rule that is normally fired

with natural gas ¥
is exempt from Sections 301—} 394—2— 300, 307 %98—4—4@9—&&& 501.4, 503 3, 503 4,

503.5, and 503.6 of this rule while-firing-emergeneyfuel. This exemption shall not
exceed 168 hours per calendar year per combustion unit, excluding hours of
operation for testing, reliability, training and maintenance.

104.3 Asny While firing emergency fuel for purposes of testing, reliability, training and
maintenance, any equipment listed in Section 102 of this rule that is normally fired

with natural gas eﬁlyhﬁfeﬁ—aﬂefgeﬁey—f&ekfeféé—eimﬂi&ewe%ﬁﬁs—peﬁe&feﬂe&s;

permitissued-by-the-Control-Officerfor-thatseuree; is exempt from Sec'aons 301—}
364-2; 3006, 307, 501.4, 3684;-and-460 503.3, 503.4, 503.5, and 503.6 of this rule. This

exemption shall not exceed 36 hours per calendar year per combustion unit,

excluding hours of operation during natural gas curtailments and natural gas
emergencies.

104.4 Any equipment listed in Section 102 of this rule that operates at or below 10 percent
calendar year annual capacity factor, and meets the requirements in 104.4 a, b, and ¢
is exempt from Sections 306; and 307;3684-and-400 of this rule.

a. An owner or operator must submit a RACT analysis to the Control Officer and
the Administrator demonstrating conventional commercially-available control
technology is not technically and/or economically feasible and obtain approval

from the Control Officer and Administrator to operate under the exemption.
(1) For equipment for which a RACT analysis was submitted prior to June 23,

2021, upon Control Officer approval, equipment may begin to operate under
the exemption until the Administrator approves or denies operation under

the exemption. If the Administrator denies approval to operate under the
exemption, the equipment will become subject to the emission limits in

Sections 306 and 307.

a

-

(2) For equipment for which a RACT analysis is submitted on or after June 23,
2021, equipment may begin to operate under the exemption upon approval
from the Control Officer and the Administrator.

=

All equipment operated under this exemption shall have an annual heat input
limit associated with that equipment that corresponds to the 10 percent calendar
vear annual capacity factor. The annual heat input limit shall be calculated by
multiplying the equipment’s maximum heat input rate (MMBtu per hour) by 876
hours. An owner or operator with equipment approved to operate under the
exemption shall submit an application to modify the permit associated with the
equipment to include an annual heat input limit within 60 days of the Control
Officer’s approval.

o

To demonstrate compliance with the heat input limit an owner or operator shall

multiply the higher heating value (MMBtu/mass or MMBtu/volume of gas) by

the fuel use (mass or volume of gas).




SECTION 200 - DEFINITIONS: For the purpose of this rule, the following definitions shall
apply, in addition to those definitions found in Rule 100 (General Provisions and Definitions) of
these rules. In the event of any inconsistency between any of the Maricopa County air pollution
control rules, the definitions in this rule take precedence.

201

202

203

ANNUAL CAPACITY FACTOR: The ratio between the actual heat input to a betleror
proeess-heater stationary gas turbine or steam generating unit from the fuels burned during a

calendar year and the potential heat input to the betler-orproecessheater stationary gas
turbine or steam generating unit had it been operated for 8,760 hours during-a-ear at the

max1mum steady-state-design rated heat input capac1ty e%the—f&ae—befweeﬂ—&he—aef&a-}

COGENERATION STEAM GENERATING UNIT: A steam or hot water generating
unit that simultaneously produces both electrical formrechantealy and useful thermal energy
(such as heat or steam) from the same primary energy source and supplies more than one-
third of its potential electric output to any utility power distribution system for sale.

COMBINED CYCLE GAS TURBINE SYSTEM: A type of stationary gas turbine
wherein heat from the turbine exhaust is recovered by a steam generating unit, with or

without supplemental heat (i.e. duct burner), to make steam for use in a steam-electric
turbine.

COMBUSTION CONTROL SYSTEM: Equipment or technology that suppress NOx

formation during combustion of fossil fuels, including but not limited to, water injection or
low-NOx burners.

CONTINUOUS EMISSION MONITORING SYSTEM (CEMS) Fhetotal

total equipment required to sample, analyze, measure, and provide a permanent record of
emissions by means of readings recorded at least once every 15 minutes (using an automated
data acquisition and handling system (DAHS)).

COOLING TOWERS: Open water recirculating devices that use fans or natural draft to
draw or force air through the device to cool water by evaporation and direct contact.

DRIFT: Water droplets, bubbles, and particulate matter that escape from cooling tower
stacks.
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213

214

DRIFT ELIMINATOR: Device used to remove drift from cooling tower exhaust air, thus
reducing water loss by relying on rapid changes in velocity and direction of air-droplet
mixtures by impaction on eliminator passage surfaces. A drift eliminator is not categorized as
an emission control system but is an inherent part of the cooling tower's design
requirements.

DRIFT RATE: Percentage (%) of circulating water flow rate that passes through a drift
eliminator on a cooling tower.

ELECTRIC UTILITY STATIONARY GAS TURBINE: Any stationary gas turbine
that is constructed for the purpose of supplying more than 1/3 of its potential electric

output capac1ty to any utility power dlStI‘lbuthl’l system for sale Bothsimpleand-combined

ELECTRIC UTILITY STEAM GENERATING UNIT: Any steamelectric generating
untt-thatuses equipment that combusts fossil fuel to generate steam that is used to drive an
electrical generator and is constructed for the purpose of supplying more than one-third of
its potential electric output capacity and more than 25 MW electric output to any utility
power distribution system for sale.

EMERGENCY FUEL: Fuel fired only during circumstances such as natural gas
emergency, natural gas curtailment, or breakdown of delivery system such as an unavoidable
interruption of supply that makes it impossible to fire natural gas in the unit. Fuel is not
considered emergency fuel if it is used to avoid either peak demand charges or high gas
prices during on-peak price periods or due to a voluntary reduction in natural gas usage by
the power company. For the purposes of this definition, emergency fuel also includes fuel

used for purposes of testing, reliability, training, and maintenance.

emisstons: Post—combustlon systems that are de31gned and operated in accordance Wlth good

engineering practice to reduce emissions from combustion equipment. A combustion

control system is not an emission control system.

FOSSIL FUEL: Naturally occurring carbonaceous substances from the ground such as
natural gas, petroleum, coal and any form of solid, liquid, or gaseous fuel derived from such
material for the purpose of creating energy.

FUEL SWITCHING STARTUP PROCESS: The act of changing from one type of fuel
to a different type of fuel.



220

221

222

223

224

HEAT INPUT: Heat derived from the combustion of fuel, not including the heat input
from preheated combustion air, recirculated flue gases, or exhaust gases from other sources,
such as gas turbines, internal combustion engines, and kilns.

HIGHER HEATING VALUE (HHV) OR GROSS HEATING VALUE: The amount
of heat produced by the complete combustion of a unit quantity of fuel determined by a
calorimeter wherein the combustion products are cooled to the temperature existing before
combustion and all of the water vapor is condensed to liquid.

LOW SULFUR OIL.: Fuel oil containing less than or equal to 0.05% by weight of sulfur.

LOWER HEATING VALUE (LHV) OR NET HEATING VALUE: The amount of
heat produced by the complete combustion of a unit quantity of fuel determined by a
calorimeter wherein the combustion products are cooled to the temperature existing before
combustion and all of the water vapor remains as vapor and is not condensed to a liquid.
The value is computed from the higher heating value by subtracting the water originally
present as moisture and the water formed by combustion of the fuel.

NATURAL GAS: A naturally occurring fluid mixture of hydrocarbons (e.g., methane,
ethane, or propane) produced in geological formations beneath the earth’s surface that
maintains a gaseous state at standard atmospheric temperature and pressure under ordinary
conditions and contains 20 grains or less of total sulfur per 100 standard cubic feet.

NATURAL GAS CURTAILMENT: An interruption in natural gas service, such that the
daily fuel needs of a combustion unit cannot be met with natural gas available due to one of
the following reasons, beyond the control of the owner or operator:

221.1 An unforeseeable failure or malfunction, not resulting from an intentional act or
omission that the governing state, federal or local agency finds to be due to an act of
gross negligence on the part of the owner or operator; or

221.2 A natural disaster; or

221.3 The natural gas is curtailed pursuant to governing state, federal or local agency rules
or orders; or

221.4 The serving natural gas supplier provides notice to the owner or operator that, with
forecasted natural gas supplies and demands, natural gas service is expected to be
curtailed pursuant to governing state, federal or local agency rules or orders.

OPACITY: A condition of the ambient air, or any part thereof, in which an air contaminant
partially or wholly obscures the view of an observer.

OPERATING DAY: A 24-hour period between 0000 and 2359 during which any fuel is
combusted at any time in the unit. It is not necessary for fuel to be combusted continuously
for the entire 24-hour period.

OPERATING HOUR: A clock hour during which a unit combusts any fuel, either for part

of the hour or for the entire hout.
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233

234

PARTICULATE MATTER EMISSIONS: Any and all particulate matter emitted to the
ambient air as measured by applicable state and federal test methods.

PARTS PER MILLION BY VOLUME DRY (PPMVD): A unit of proportion used to

express concentration that is corrected to a dry basis.

PEAK LOAD: 100% of the manufacturer’s design capacity of a gas turbine at 288° Kelvin,
60% relative humidity, and 101.3 kilopascals pressure (ISO standard day conditions).

POWER PLANT OPERATION: An operation whose purpose is to supply more than
one-third of its potential electric output capacity to any utility power distribution system for
sale.

RATED HEAT INPUT CAPACITY: The heat input capacity in million Btu/ht. as
specified on the nameplate of the combustion unit. If the combustion unit has been altered
or modified such that its maximum heat input is different than the heat input capacity on the
name plate, the maximum heat input shall be considered the rated heat input capacity.

REGENERATIVE CYCLE GAS TURBINE: Any stationary gas turbine that recovers
thermal energy from the exhaust gases and utilizes the thermal energy to preheat air prior to
entering the combustion unit.

SIMPLE CYCLE GAS TURBINE: Any stationary gas turbine that does not recover heat
from the gas turbine exhaust gases to preheat the inlet combustion air to the gas turbine;-et
that and does not recover heat from the gas turbine exhaust gases to heat water or generate
steam.

STATIONARY GAS TURBINE: Any simple cycle gas turbine, regenerative gas turbine, or

any gas turbine portion of a combined cycle gas turbine system that is not self-propelled or
that is attached to a foundation.

SULFUR OXIDES (SOx): The sum of the oxides of sulfur emitted from the flue gas from a
combustion unit that are directly dependent upon the amount of sulfur in the fuel used.

THIRTY (30) OPERATING DAY ROLLING AVERAGE: An arithmetic mean or
average of all hourly emission concentrations rates for 30 successive eembustion operating
days and calculated by a CEMS at the conclusion of each operating day for the previous 30
operating days.
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TOTAL DISSOLVED SOLIDS (TDS): The amount of eenieenteated filterable matter
reported in milligrams/liter (mg/1) or parts per million (ppm), as determined by an applicable
method in the Standard Methods for the Examination of Water and Wastewater, a
conductivity/TDS meter, or ASTM D5907.

TWENTY-FOUR (24) HOUR ROLLING AVERAGE: The arithmetic mean of all houtly

emission concentrations measured during the previous 24 operating hours.

ULTRA LOW SULFUR OIL BIESEL: Fuel oil containing less than or equal to 0.0015 %
sulfur by weight.

UNCOMBINED WATER: Condensed water eentainingneo-more-thananalytealtrace
amounts-of other chemieal-elements-erecompounds vapor or steam.

SECTION 300 - STANDARDS

301

302

LIMITATIONS - PARTICULATE MATTER: An owner or operator of any equipment

listed in Section 102.1 or 102.2 of this rule shall burn only natural gas except when firing
emergency fuel per Sections 104.2 and 104.3 of this rule. An owner or operator may burn a
fuel other than natural gas for non-emergency purposes providing that the fuel shall not
cause to be discharged more than 0.007 Ibs. of particulate matter per MMBtu. The use of a

fuel other than natural gas for non-emergency purposes shall be approved by the Control
Officer in an air pollution control permit prior to usage.

GOOD COMBUSTION PRACTICES FOR TURBINES: An owner or operator of any

stationary gas turbine listed in Section 102.2 of this rule shall, regardless of fuel type, use

operational practices recommended by the manufacturer to ensure good combustion
control.



302.1 Good combustion practices shall be demonstrated by maintaining the manufacturer’s
recommended maintenance practices onsite and available to the Control Officer
upon request, by maintaining records of all maintenance activities conducted on the
turbines, and by conducting performance tests as described in Section 503 (unless

exempt from Sections 306 and 307 under the exemption in Section 104.4).

302.2 For stationary gas turbines with a CEMS able to demonstrate compliance with the
applicable emission limits in Sections 306 and 307, good combustion practices may
be demonstrated through continuous compliance with the applicable emission limits

in Sections 306 and 307.

303 COOLING TOWERS: An owner or operator of a cooling tower asseeiated-with-appheable
waits listed in Section 102.3 of this rule shall:

303.1 Equip the cooling tower with a drift eliminator. The drift eliminator shall not be
manufactured out of wood.

303.2 Fhe Limit the value obtained by multiplying the concentration of Total Dissolved
Solids (TDS) in the cooling tower water multiphied by the percentage of drift rate

shall for the cooling tower drift eliminator such that the product does not exceed the
maximum numerical limit of 20 ppm.




303.3 Visually inspect the drift eliminator according to the following schedule, as applicable
dependlng on the conﬁguratlon of the drift eliminator eﬂ—a—meﬁt-hﬂl-y—b&ﬂs—eﬂl-y—rﬁt-he

a. Monthly, if the drift eliminator can be viewed safely and if the inspection does
not require a person to walk into the cooling tower; or

b. Visually-inspeet-the-drift-eliminatorforintegrity No less than once per year

during a regularly scheduled outage when the cooling tower is not operating, if

eannot-beinspected-onamonthlybasis the drift eliminator cannot be safely
inspected while the cooling tower is operating. Fhis-visuakinspeetion-shall-be-no

304 LIMITATIONS - OPACITY:

304.1 An owner or operator shall not discharge into the ambient air from any single source
of emissions any air contaminant, other than uncombined water, in excess of 20%

opacity, for any six (6) minute averaging period, except as provided in Section 304.2

of this rule.

304.2 Opacity may exceed the applicable limits established in Section 304.1 of this rule fet
ﬂ-p—f@-eﬂe—hﬂﬂ-f durmg the one hour hour fuel sw1tch1ng startup process—hewever,—e?&elfy

prov1ded that the Control Ofﬁcer finds that the owner or operator has to the extent
practicable, maintained and operated the source of emissions in a manner consistent
with good air pollution control practices for minimizing emissions. During the one-

hour fuel switching startup process, an owner or operator shall not discharge into the
ambient air from any single source of emissions any air contaminant, other than
uncombined water, in excess of 40% opacity, for any six (6) minute averaging period.

The one-hour period shall begin when the fuel switching startup process begins.

304.3 Determination of whether good air pollution control practices are being used shall
be based on information provided to the Control Officer upon request, which may
include, but is not limited to, the following:

Monitoring results.

a
b. Opacity observations.

g]

Review of operating and maintenance procedures.

d. Inspection of the source.

305 LIMITATIONS - SULFUR IN FUEL: An owner or operator of any appleable
equipment listed in Section 102.1 or 102.2 of this rule that burns fuel oil alone or in
combination with any other fuel as either emergency fuel or non-emergency fuel shall use

eﬂly either ultra low sulfur diesel oil or low sulfur oil. Aﬁ—@Wﬁer—e%epef&ee%tﬁrﬁWe




306 LIMITATIONS NITROGEN OXIDES (NOX) A&ew&ef—ef—epeﬁ&e{—e{—&ﬁy

306.1 RACT Emission Limits:

a. Existing Steam Generating Units: An owner or operator of any equipment listed
in Section 102.1 of this rule that commenced operation prior to June 23, 2021

shall not cause to be discharged into the atmosphere nitrogen oxides in excess of
0.1 Ib/MMBtu, calculated as nitrogen dioxide, unless the equipment is operated in
compliance with the case-by-case RACT requirements established in accordance
with Section 306.2 of this rule.

=

New Steam Generating Units: An owner or operator of any equipment listed in
Section 102.1 of this rule that commenced operation on or after June 23, 2021
shall not cause to be discharged into the atmosphere nitrogen oxides in excess of
the following limits, unless the equipment is operated in compliance with the
case-by-case RACT requirements established in accordance with Section 306.2 of
this rule.

(@) 30 ppmvd corrected to 3% oxygen calculated as nitrogen dioxide when
burning gaseous fossil fuel.

(2) 40 ppmvd corrected to 3% oxygen calculated as nitrogen dioxide when
burning liquid fossil fuel.

Stationary Gas Turbines and Combined Cycle Turbine Systems: An owner or

operator of any equipment listed in Section 102.2 of this rule shall not cause to

be discharged into the atmosphere nitrogen oxides in excess of the following

limits, unless the equipment is operated in compliance with the case-by-case
RACT requirements established in accordance with Section 306.2 of this rule.

(1) 42 ppmeds ppmvd corrected to 15% oxygen calculated as nitrogen dioxide

o

when burnmg gaseous fossil fuel. Dﬁﬂﬁg—s-teady—s-fafe—eﬁefaﬂeﬂs—this—tesf

(2) 65 ppmd¥ ppmvd corrected to 15% oxygen calculated as nitrogen dioxide
When burnmg liquid fossil fuel. Dﬁfrﬁg—ﬁe&éyh&t&te—epef&ﬂeﬁs—ehﬁ—&s-ﬁe&uif




307

308

306.2 Case-by-Case RACT Requirements: Nothing in this rule shall prevent the owner
ot operator of any equipment listed in Section 102 of this rule from requesting

alternative RACT requirements on a case-by-case basis. An owner or operator shall
be exempt from Section 306.1 if the owner or operator fully complies with
alternative RACT requirements that are approved by the Control Officer and the

Administrator, incorporated into an Air Pollution Control Permit, and approved into
the Arizona State Implementation Plan.

LIMITATIONS — CARBON MONOXIDE: An owner or operator of any equipment
listed in Section 102.1 or 102.2 of this rule shall not cause to be discharged into the
atmosphere carbon monoxide (CO) measured in excess of 400 pprrv ppmvd corrected to 15%
oxygen for statlonarv gas turbines, and corrected to 3% oxygen for steam generating units. at

REQUIREMENTS FOR ECS AND ECS MONITORING EQUIPMENT: An
owner or operator of an emission control system (ECS) shall:

geod—weflﬂﬂg—efder— Properl;[ 1nstall, operate, and maintain in cahbranon and in good
working order devices for indicating temperatures, pressures, transfer rates, rates of

flow, or other operating conditions necessary to determine if airpellution—eontrol
equtpfﬁeﬂf an ECS is funcnonmg properly and is properly maintained as-desertbed-in

308.2 GeneralRequirements: Submit to

the Control Officer for approval an Operation and Mamtenance ( O&M)_ Plan for any




308.3

308.4

308.5

ECS, any-otheremissionprocessingequipment; and any ECS monitoring devices that

are used pursuant to this rule or to an air pollution permit. The O&M Plan shall
include:

a. The manufacturer name, model designation, and serial number for each ECS and

each ECS monitoring device; and

b. Operating parameters that will be monitored to demonstrate continued operation
of the ECS in the manner the ECS was operated during the most recent
performance test; and

The manufacturer’s recommended maintenance procedures and frequencies or, if
the manufacturer’s recommended maintenance procedures are not available, a
maintenance plan based on good engineering practices to reduce emissions.

g

a o (VUN DPlan

this-rule-shall Fully comply with all elements of the most recent O&M Plans that-the

submitted to the Control Officer, unless notified by the Control Officer in writing.

Submit a revised O&M Plan within 30 business days following receipt of the Control
Officer’s written notice that an O&M Plan for any ECS or any ECS monitoring device

is deficient or inadequate.

raediffed-by-the-Contrel Offieer: Maintain on-site, in a readily accessible location, the

most recent O&M Plans for each ECS and each ECS monitoring device.




309

EMERGENCY FUEL USE NOTIFICATION: An owner or operator of an electric utility
stationary gas turbine, electric utility steam generating unit or cogeneration steam generating
unit used to generate electric power that is fired with emergency fuel but is normally fired with
natural gas shall notify the Control Officer verbally no later than 24 hours after declaration of
the emergency that necessitates its use in compliance with Section 104.2 of this rule. This
verbal report shall be followed by a written report within 48 hours of initial emergency fuel
usage. The written report shall also include identification of the nature of the emergency, initial
dates of usage, and the expected dates of usage. Within 1 business day following the end of an
emergency that necessitates the use of emergency fuel, the owner or operator shall submit a
written report that includes the total number of hours the combustion equipment was
operated with emergency fuel.

SECTION 400 - ADMINISTRATIVE REQUIREMENTS

401

402

IN EXISTENCE AND IN COMPLIANCE Exeept—as—set—feﬁh—m—Seeﬁeﬂ—}QMt—eﬁt—hﬁ

: The owner or
operator of any electnc utlhty statlonary gas turblne electrlc utlhty steam generating unit or
cogeneration steam generating unit used to generate electric power in existence on
Nevember2;2046 June 23, 2021 and-subjeet-to-the-emisstontimitsin-Seetton306-of this
rale shall submit a Notification of Compliance within 6 months of becoming subject to
Section 306 of this rule. This Notification shall include one of the following demonstrations:

401.1 Demonstration of Compliance with RACT Emission Limits: For each unit that

is in compliance with the RACT emission limits in Section 306.1 of this rule, the
Notification of Compliance shall include results from a performance test conducted
in accordance with Section 503.4 of this rule, or that a CEMS has been installed (to

demonstrate continuous compliance with the RACT emission limits), after June 23,
2020.

401.2 Demonstration of Compliance with the exemption in Section 104.4: For each
unit that operates at or below 10 percent calendar year annual capacity factor, the
Notification of Compliance shall include records of the annual capacity factor for the
calendar year previous to the vear of rule adoption.

IN EXISTENCE AND NON-COMPLIANT:

402.1 Increments of Progress — Installation of Air Pollution Control Equipment:




an emission control system or a combustion control system will be installed to
achieve compliance with the emission limits in Section 3006.1 of this rule, the owner
or operator shall comply with the following increments of progress and be in

comDhance Wlth the emlsslon limits bV the date speclﬁed fﬁ%ee&eﬂ—él—g%—ef—t-hﬁ

FY a1 O Pa W O waY &a P G O

a. Within 18 months of becoming subject to the emission limits in Section 306.1 of

this rule, submit a compliance schedule and permit application to the Control
Officer.

b. Within 36 months of final permit issuance, be fully compliant with the emission
limits in Section 300.1 of this rule and submit to the Control Officer a complete
source test report indicating compliance.

Increments of Progress — Removal From Service: The owner or operator of any
combustion unit in existence on Nevember2,2046 June 23, 2021 that is expected to
be removed from service within 24 months of becoming subject to Section 306.1 of
this rule shall be exempt from the emission limits in Section 3006.1 of this rule if it
complies with the following:

a. Within 6 months of becoming subject to the limits in Section 300.1 of this rule,
submit to the Control Officer a notification of proposed removal from service.

b. Within 14 months of submitting notification under Section 4023{a) 402.2(a) of
this rule, submit to the Control Officer a decommissioning plan and a permit
revision providing that the units will be decommissioned by a certain date.

c. Within 4 months of decommissioning plan and permit revision approval, or

within 24 months after becoming subject to the emission limits in Section 306.1
of this rule, whichever comes first, discontinue operation of the electric utility

stationary gas turbine, electric utility steam generating unit or cogeneration steam
generating unit used to generate electric power, disconnect the fuel supply line(s),
and notify the Control Ofﬁcer in ertmg of the removal from service. Operation




SECTION 500 - MONITORING AND RECORDS

501

RECORDKEEPING AND REPORTING: Any owner or operator subject to this rule

shall comply with the requirements set forth in this section. Any records and data required

by this section shall be kept on site at all times in a consistent and complete manner and be
made available without delay to the Control Officer erhis-desigree upon request. Records

shall consist of the following information:

501.1

501.2

501.3

501.4

501.5

501.6

Equipment Listed in Section 102 of this Rule: Days and hours of operation, type(s)
of fuel used, amount of fuel(s) used each month, i st
Lguidfueland-the daysand-hoursef operation and documentation of the sulfur
content of any fuel oil combusted (e.g. fuel receipts, contract specifications, pipeline
meter tickets, fuel supplier information, purchase records, or analytical results).

Records of sulfur content shall provide accurate values for the sulfur content of the
fuel based on enforceable test methods approved by the Administrator.

Cooling Towers: Monthly gravimetric testing reports for TDS in cooling water in the
cooling tower shall be recorded for six months in succession and thereafter quarterly
reports shall be recorded. Results of the monthly or yearly visual inspection of the drift
eliminator shall also be recorded. If the drift eliminator cannot be visually inspected
monthly, then documentation of the physical configuration of the drift eliminator shall
be submitted to the Control Officer to demonstrate that the drift eliminator cannot be
inspected monthly.

Emergency Fuel Usage: Type and amount of emergency fuel used, dates and hours
of operation using emergency fuel, nature of the emergency or reason for the use of
emergency fuel as stated in Sections 104.2 and 104.3 of this rule. At the end of each

month, calculate the total hours of operation using emergency fuel during natural gas
curtailments and natural gas emergencies, and total hours of operation using
emergency fuel for purposes of testing, reliability, training, and maintenance.

heurs: Dates and times, including start and stop times, when any fuel other than
natural gas is combusted for non-emergency purposes, as allowed by Section 301 of
this rule.

Continuous Emission Monitoring Systems: All CEMS measurements, results of
CEMS performance evaluations, CEMS calibration checks, and adjustments and
maintenance performed on these systems.

Good Combustion Practices: Measurements-of-the-temperatare-differential-aeress

a. Good combustion practices shall be demonstrated by maintaining the
manufacturer’s recommended maintenance practices onsite and available to the



502

503

Control Officer upon request, by maintaining records of all maintenance activities
conducted on the turbines, and by maintaining records of the test results of
performance tests conducted under Section 503 (unless exempt from Sections 306

and 307 under the exemption in Section 104.4).

o

If using CEMS to demonstrate good combustion practices, results of evaluation
and of corrective action shall be recorded each time the CEMS indicates an
exceedance of the applicable emission limits in Section 306 or 307 of this rule.

c. For units equipped with water or steam injection, the owner or operator shall

maintain continuous records of the water to fuel ratio or the steam to fuel ratio
unless the owner or operator uses CEMS to demonstrate compliance with the

emission limits in Sections 306 and 307, as applicable.

RECORDS RETENTION: Copies of reports, logs, and supporting documentation required
by the Control Officer shall be retained for at least 5 years. Records and information required
by this rule shall also be retained for at least 5 years.

COMPLIANCE BEFERMINATION DEMONSTRATION:

503.1

503.2

503.3

Hltra Lew Sulfur Content of the Diesel Oil Verification: If the Control Officer
requests documentation of the sulfur content of the oil fuel-to-demeonstrate-the
0:0045%1imit, the owner or operator shall submit one of the following documents
which provides the accurate sulfur content of the fuel based on enforceable test

methods as approved by the Administrator to determine sulfur content:

a. TFuel receipts, or

b. Contract specifications, or

c. Pipeline meter tickets, or

d. Fuel supplier information, or

e. Purchase records, or

f. Test results of the fuel for sulfur content.

Drift Rate Verification: An owner or operator shall submit design drift rate
verification from the manufacturer of the drift eliminator used in the cooling towers
to the Control Officer if proof of the design drift rate is requested by the Control
Officer.

Performance Test-Particulate Matter: An owner or operator of any combustion

equipment listed in Section 102 of this rule that burns a fuel other than natural gas
for non-emergency purposes shall demonstrate compliance with the emission limit in

Section 301 of this rule by conducting an annual performance test. The performance




503.4

test shall measure particulate matter emissions, including condensable particulate
matter emissions, using EPA Reference Method 5 and EPA Reference Method 202,

as incorporated by reference in Section 504 of this rule. The result of the

performance test shall be the arithmetic mean of the results of three test runs. Each
test run shall have a minimum sample time of one hour.

Performance Test-Nitrogen Oxides: An owner or operator of any equipment

listed in Section 102.1 or 102.2 of this rule that is subject to a numeric emission limit
in Section 306 of this rule shall demonstrate compliance with the applicable numeric

emission limits by conducting an annual performance test. The performance tests

shall measure nitrogen oxide emissions using EPA Reference Method 7 or 7E as

incorporated by reference in Section 504 of this rule. The result of the performance
test shall be the arithmetic mean of the results of three test runs. Each test run shall

have a minimum sample time of one hour. The concentration of nitrogen oxides
shall be measured dry and corrected to 3% oxygen for electric utility steam
generating units and cogeneration steam generating units. The concentration of
nitrogen oxides shall be measured dry and corrected to 15% oxvygen for stationary
gas turbines and for combined cycle turbine systems. For units that are equipped
with water or steam injection, the ratio of water or steam to fuel shall be measured

during the performance test.
a. For any equipment for which a CEMS is used to demonstrate compliance with
Section 306, an annual performance test is not required.

b. If the NOx emission result from the performance test is less than or equal to 75
percent of the NOx emission limit, the owner or operator may reduce the

frequency of subsequent performance tests to once every 2 vears (no more than
26 calendar months following the previous performance test). If the results of
any subsequent performance test exceed 75 percent of the NOx emission limit,
the owner or operator must resume annual performance tests.

Defefﬁﬁﬂaﬁeﬂ—ef%t&fu{—t&a—@aseeﬂs—MaffbePerformance Test-Carbon

Monoxide: An owner or operator of any equipment listed in Section 102.1 or 102.2
of this rule that is subject to Section 307 of this rule shall demonstrate compliance
with the emission limit in Section 307 of this rule by conducting an annual
performance test. The performance test shall measure carbon monoxide emissions
using EPA Reference Method 10 as incorporated by reference in Section 504 of this
rule. The result of the performance test shall be the arithmetic mean of the results of

three test runs. Each test run shall have a minimum sample time of one hour. The
carbon monoxide concentration shall be measured drv and corrected to 3% oxveen

for electric utility steam generating units and cogeneration steam generating units.
The carbon monoxide concentration shall be measured drv and corrected to 15%
oxveen for stationary eas turbines and for combined cvcle turbine systems.

a. For any equipment for which a CEMS is used to demonstrate compliance with

Section 307, an annual performance test is not required.



504

503.6

b If the CO emission result from the performance test is less than or equal to 75
percent of the CO emission limit, the owner or operator may reduce the
frequency of subsequent performance tests to once every 2 vears (no more than
26 calendar months following the previous performance test). If the results of
any subsequent performance test exceed 75 percent of the emission limit, the
owner or operator must resume annual performance tests.

CEMS: An owner or operator using a CEMS to demonstrate compliance with

Section 302, 306, or 307 shall install, operate, calibrate, maintain, and test the CEMS
in accordance with 40 CFR Part 60 or 40 CFR Part 75.

a. Excess emissions for Section 306 are defined as any period during which the 24-

hour rolling average emission concentration exceeds the applicable numeric
emission limits.

b. Excess emissions for Section 307 are defined as any period during which the 30-

operating day rolling average emission concentration exceeds the applicable
numeric emission limits.

COMPLIANCE DETERMINATION-TEST METHODS INCORPORATED BY
REFERENCE: The following test methods are approved for use for the purpose of
determining compliance with this rule. The test methods are incorporated by reference in
Rule 360 and Appendix G of the Maricopa County Air Pollution Control Regulations.
Alternative test methods as approved by the Administrator or other EPA-approved test
methods may be used upon prior written approval from the Control Officer. When more
than one test method is permitted for the same determination, an exceedance under any
method will constitute a violation. Copies of test methods referenced in this section are
available at the Maricopa County Air Quality Department.

504.1

504.2

504.3

504.4

504.5

EPA Reference Methods 1 (“Sample and Velocity Traverses for Stationary
Sources”), and 1A (“Sample and Velocity Traverses for Stationary Sources with
Small Stacks and Ducts”) (40 CFR 60, Appendix A-1).

EPA Reference Methods 2 (“Determination of Stack Gas Velocity and Volumetric
Flow Rate”), 2A (“Direct Measurement of Gas Volume through Pipes and Small
Ducts”), 2C (“Determination of Stack Gas Velocity and Volumetric Flow Rate in
Small Stacks or Ducts”), and 2D (“Measurement of Gas Volumetrie Flow Rates in
Small Pipes and Ducts”) (40 CFR 60, Appendix A-1).

EPA Reference Methods 3 (“Gas Analysis for the Determination of Dry Molecular
Weight”), 3A (“Determination of Oxygen and Carbon Dioxide Concentrations in
Emissions From Stationary Sources (Instrumental Analyzer Procedure)”), 3B (“Gas
Analysis for the Determination of Emission Rate Correction Factor ef or Excess
Air”), and 3C (“Determination of Carbon Dioxide, Methane, Nitrogen and Oxygen
from Stationary Sources”) (40 CFR 60, Appendix A-2).

EPA Reference Method 4 (“Determination of Moisture Content in Stack Gases”)
(40 CFR 60, Appendix A-3).

EPA Reference Method 5 (“Determination of Particulate Emissions from Stationary
Sources”) (40 CFR 60, Appendix A-3).



504.6 EPA Reference Method 202 (“Determinationof Dry Impinger Method for
Determining Condensable Particulate Emissions from Stationary Sources”) (40 CFR
51, Appendix M).

504.7 EPA Reference Methods 7 (“Determination of Nitrogen Oxide Emissions from
Stationary Sources”), 7A (“Determination of Nitrogen Oxide Emissions from
Stationary Sources — Ion Chromatographic Method”), 7B (“Determination of
Nitrogen Oxide Emissions from Stationary Sources - Ultraviolet Speetrometry
Spectrophotometry”), 7C (“Determination of Nitrogen Oxide Emissions from
Stationary Sources - Alkaline-Permanganate lon Colorimetric Method”), 7D
(“Determination of Nitrogen Oxide Emissions from Stationary Sources — Alkaline-
Permanganate Chromatographic Method”), and 7E (“Determination of Nitrogen
Oxide Emissions from Stationary Sources — Instrumental Analyzer Methed
Procedure”) (40 CFR 60, Appendix A-4).

504.8 EPA Reference Method 9 (“Visual Determination of the Opacity of Emissions from
Stationary Sources”) (40 CFR 60, Appendix A-4).

504.9 EPA Reference Method 10 (“Determination of Carbon Monoxide Emissions from
Stationary Sources”) (40 CFR 60, Appendix A-4).

504.10 EPA Reference Method 20 (“Determination of Nitrogen Oxides, Sulfur Dioxide and
Diluent Emissions from Stationary Gas Turbines”) (40 CFR 60, Appendix A-7).

504.11 ASTM D2622-46 05, Standard Test Method for Sulfur in Petroleum Products by

504.12 ASTM D4294-46et 03, Standard Test Method for Sulfur in Petroleum and
Petroleum Products by Energy-Dispersive X-Ray Fluorescence Spectrometry.

504.13 Standard Methods for the Examination of Water and Wastewater, Method #2540C
(“Total Dissolved Solids Dried at 180°C;-Method-#2540€"), American Public
Health Association, 19" edition, 1995.

504.14 ASTM D5907-13, Standard Methods forthe Examinationof Water-and-Wastewater
for Filterable Matter (Total Dissolved Solids) and Nonfilterable Matter (Total
Suspended Solids) in Water.

504.15 South Coast Air Quality Management District Method 367-94 307-91
(“Determination of Sulfur in a Gaseous Matrix”), revised 1994.
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Executive Summary.

Salt River Project’s (SRP) Agua Fria Generating Station is located in the portion of Maricopa County which
is classified as a moderate nonattainment area for ozone (O3). Maricopa County Air Pollution Control
Regulations (MCAPCR) Rule 322 requires the use of Reasonably Available Control Technology (RACT)
for the control of nitrogen oxides (NOx) emissions from power plants in the county.

For each boiler, Rule 322 currently prescribes a presumptive NOx RACT emission limit of 42 parts per
million by volume, dry basis (ppmdv) (calculated as nitrogen dioxide) corrected to 3% oxygen when
burning gaseous fuel, and 65 ppmdv when burning liquid fossil fuel. For any unit with a calendar year
annual capacity factor equal to or less than 10 percent, NOx RACT requires only work practices; such units
are not subject to numeric emission standards.

This report presents a NOx RACT analysis for three natural gas and fuel oil-fired boilers: Units 1, 2, and 3
at the Agua Fria Generating Station. Each of these boilers has a calendar year annual capacity factor equal
to or less than 10 percent.

The U.S. Environmental Protection Agency has defined RACT as “the lowest emission limitation that a
particular source is capable of meeting by the application of control technology that is reasonably available
considering technological and economic feasibility.” The U.S. EPA’s most current guidance on NOx RACT
cost effectiveness indicates an economically reasonable range up to $2,300 per ton of NOx removed,
expressed in 2020 dollars. Table ES-1 is a summary of the cost effectiveness of the NOy control options for
the Agua Fria Generating Station Unit 1, 2, and 3 natural gas and oil-fired boilers based on an annual
capacity factor of 10%. The costs in Table ES-1 are also substantially higher than the economically feasible
threshold of $2,300 per ton of NOx removed. Accordingly, SRP proposes that MCAQD reaffirm that NOy
RACT for similar natural gas-fired boilers with a calendar year annual capacity factor equal to or less than
10 percent is the use of good combustion practices, and a requirement to operate in accordance with the
manufacturer’s specifications, with no numeric emission standards.

TABLE ES-1. Cost effectiveness of the NO, control options for the Agua Fria Generating
Station Unit 1, 2, and 3 boilers based on a 10% capacity factor for each unit.

Cost Effectiveness, $ per ton of NOx controlled
NOx Control
Option Agua Fria Agua Fria
Units 1 and 2 Unit 3
Low NOy Burners $9,580 $4,320
Selective Non-Catalytic Reduction (SNCR) $10,750 $5,240
Selective Catalytic Reduction (SCR) $13,940 $6,500




1.0 Introduction.

This document is a Reasonably Available Control Technology (RACT) Analysis for the control of nitrogen
oxides (NOx) emissions from three natural gas and fuel oil-fired boilers at the Agua Fria Generating Station.
This generating station is located in the portion of Maricopa County which is classified as a moderate
nonattainment area under the 2008 ozone National Ambient Air Quality Standard (NAAQS).! As part of
the moderate classification, Maricopa County Air Quality Department (MCAQD) Maricopa County Air
Pollution Control Regulations (MCAPCR) Rule 322 requires RACT level of control for oxides of nitrogen
(NOy) emissions from power plant operations in the county. Agua Fria Generating Station has specifically
identified emissions units in Rule 322 which are subject to RACT requirements.

The units evaluated in this RACT analysis are the Agua Fria Generating Station Unit 1, 2, and 3 natural gas
and fuel oil-fired boilers.

Chapter 2 of this analysis includes a discussion of RACT, including a discussion of cost effectiveness
thresholds.

Chapter 3 includes a general discussion of NOx emissions from combustion sources, including the reaction
mechanisms responsible for NOy formation.

Chapter 4 includes an evaluation of available NOy control technologies. The available controls are then
reviewed to determine controls which are technically feasible control options. The technical feasibility of
controls is further evaluated for each specific unit.

Chapter 5 includes a detailed RACT analysis for the Agua Fria Generating Station Unit 1, 2, and 3 natural
gas and fuel oil-fired boilers.

140 CFR § 81.303. See also 86 Fed. Reg. 26697 (May 4, 2016).



2.0 Reasonably Available Control Technology.

The Code of Federal Regulations, 40 CFR § 51.908 et seq. specifies the attainment demonstration
requirements pursuant to section 182 of the Clean Air Act (CAA) for areas classified as moderate, serious,
severe, or extreme nonattainment areas. One of the requirements specified in 40 CFR § 51.912 is a RACT
state implementation plan (SIP) submission implementing CAA § 182(b)(2) and (f).

Reasonably available control technology is defined in 40 CFR § 51.100(0) as follows:

(0) Reasonably available control technology (RACT) means devices, systems, process modifications,
or other apparatus or techniques that are reasonably available taking into account:

(1) The necessity of imposing such controls in order to attain and maintain a national ambient air
quality standard;

(2) The social, environmental, and economic impact of such controls; and

(3) Alternative means of providing for attainment and maintenance of such standard. (This
provision defines RACT for the purposes of §51.341(b) only.)

This NOx RACT analysis report for the boilers at Agua Fria Generating Station has been prepared in order
to assist MCAQD in satisfying its obligations relating to a NOx RACT SIP submission. The report focuses
on the environmental and economic impact of potentially available NOx controls for the boilers at the Agua
Fria Generating Station.

2.1 RACT Evaluation.

U.S. Environmental Protection Agency (U.S. EPA) has stated, “RACT for a particular source is determined

on a case-by-case basis, considering the technological and economic circumstances of the individual
992

source.

For purposes of this NOx RACT analysis report for the Agua Fria Generating Station Unit 1, 2, and 3 natural
gas and fuel oil-fired boilers, we have generally followed the approach recommended in applicable U.S.
EPA guidance.>* This guidance — particularly the Alternative Control Techniques Document — NO,
Emissions from Utility Boilers (“Utility Boiler ACT Document”) — provides useful information but does
not prescribe a methodological approach and does not establish presumptive RACT either for a category of
sources or for any individual source.’ In addition to the Utility Boiler ACT Document, we used vendor

244 Fed. Reg. 53761 at p. 53762 (Sept. 17, 1979).

3 See, for example, U.S. EPA, Alternative Control Techniques Document — NO, Emissions from Utility Boilers, EPA-
453/R-94-023 (Mar. 1994).

4 The cost estimating approach generally recommended by U.S. EPA for RACT and other purposes is set forth in a
series of control cost manuals. The most up-to-date, complete edition of this guidance document is EPA Air Pollution
Control Cost Manual, Sixth Edition (EPA/452/B-02-001) (Jan. 2002) (“Control Cost Manual’).

5 See, for example, 57 Fed. Reg. 55620 at p. 55625 (Nov. 25, 1992) (“Similar to the CTGs issued for VOC source
categories, the ACTs will contain extensive background information on control technologies, costs, availability. etc.,
that can be used by States in making RACT determinations. However, unlike the CTGs, the ACTs will not established
[sic] a presumptive RACT.”)



information, vendor budgetary quotes, unit performance, other U.S. EPA information, and other technical
sources as discussed in subsequent sections of this report. Historical cost information is adjusted to present
2020 costs using the consumer price index (CPI) published by Bureau of Labor Statistics.

The NOx RACT analysis presented in this report is based on the evaluation of the following criteria for each
emissions unit or for each specific type of emissions unit:

1. A review of available and technically achievable control technologies and the
achievable emissions reduction.

2. The cost effectiveness of the control option expressed in dollars per ton of emission
reduction ($/ton).

3. If applicable, other potential social and environmental impacts of the control option.

2.2 Calculation of Cost Effectiveness.

The RACT evaluation includes an evaluation of environmental, energy, and economic impacts. The most
important issue in a RACT analysis is typically the economic reasonableness of the control option. This
parameter is typically evaluated according to the cost effectiveness of the control option, expressed in
dollars per ton of pollutant reduced. Both average and incremental cost effectiveness may be calculated;
however, for the NOx RACT analysis for the boilers at Agua Fria Station, only average cost effectiveness
is necessary. This parameter represents the overall effect of a particular control technique relative to a
baseline condition and is calculated as follows, using the total annualized cost of the control option under

review:
Average Cost Effectiveness Control option annualized cost
($ per ton removed) Baseline emission rate — Control option emissions rate

2.3 Capital Recovery Costs.

Under applicable U.S. EPA guidance, including the Utility Boiler ACT Document, the total annualized cost
of a control option includes the annual cost required to recover the capital investment associated with that
control option. This value is calculated using a Capital Recovery Factor (CRF), which is the ratio of a
constant annual payment or annuity to the present value of receiving that annuity for a given length of time.°
For an interest rate i and n years for the project, the CRF is:

CRF — i(r+"
[+ om—-1]
Where, i = Interestrate or cost of capital, fraction

¢ See, for example, Utility Boiler ACT Document at p. 6-9 (“To convert total capital cost to an annualized capital
charge, the total capital cost is multiplied by an annual capital recovery factor (CRF).”)



n = Equipment or Project life, years

In this RACT analysis, the interest rate i is 7.0%, consistent with MCAQD guidance.” The project life for
all pollution control technology alternatives evaluated in this RACT analysis has been based on an
equipment life of 15 years. Substituting the interest rate of 7.0% and project life of 15 years into the above
equation, the CRF value is:

CRF = ia+o)" 0.07(1+0.07)" 010979
[ @+i)m-1 [ (@+007)5-1]

The annual cost for the capital investment is then calculated as the product of the CRF and the Total Capital
Cost (TCC):

Annual Capital

Recovery Cost = CRExTCC

2.4 RACT Cost Effectiveness Threshold.

The most current U.S. EPA guidance available regarding cost effectiveness thresholds for NOx RACT
determinations is a 1994 memorandum, Cost-Effective Nitrogen Oxides (NO,) Reasonably Available
Control Technology (RACT). According to this guidance, the high end of the range for cost effective RACT
control options is $1,300 per ton of pollutant controlled.® The U.S. EPA reaffirmed the relevancy of this
guidance in its final rule to implement the 8-hour ozone NAAQS in 2005.° Specifically, in the Federal
Register notice for this final rule, U.S. EPA rejected comments suggesting RACT requirements should be
more stringent, characterizing the $1,300 per ton threshold as “our current guidance.”"’

Based on the CPI Inflation Calculator from the Bureau of Labor Statistics (https://data.bls.gov/cgi-
bin/cpicalc.pl), $1.00 in March 1994 has the same buying power as $1.75 in March 2020. Therefore, U.S.
EPA’s NOx RACT cost effectiveness threshold of $1,300 per ton in 1994 is equal to $2,300 in 2020.

The cost effectiveness threshold of $2,300 per ton derived above is lower than the threshold of $2,800 per
ton used by the Commonwealth of Pennsylvania in adopting NOx RACT rules that were recently approved
by U.S. EPA. Asrecognized by U.S. EPA in this SIP rulemaking, States have discretion to apply reasonable
thresholds:

"MCAQD, Requirements, Procedures and Guidance in Selecting BACT and RACT (revised Jan. 2019). This rate is
conservative; the rate suggested in the Utility Boiler ACT Document is 10%.

8 U.S. EPA, Cost-Effective Nitrogen Oxides (NOy) Reasonably Available Control Technology (RACT), memorandum
from D. Kent Berry, Acting Director Air Quality Management Division (MD-15) (March 16, 1994).

%70 Fed. Reg. 71612 (Nov. 29, 2005).

10 1bid at p. 71654.


https://data.bls.gov/cgi-bin/cpicalc.pl
https://data.bls.gov/cgi-bin/cpicalc.pl

EPA is aware that Pennsylvania considered cost-effectiveness levels that are lower than other states
in the OTR when developing the RACT II Rule; however, states have the discretion to determine
what costs are considered reasonable when establishing RACT for its sources. For these reasons,
EPA has not set a single cost, emission reduction, or cost-effectiveness figure to fully define cost-
effectiveness in meeting the NOx RACT requirement. Therefore, each state must make and defend
its own determination on how to weigh these values in establishing RACT. PADEP relied on a cost-
effectiveness of $2,800 per ton of NOy controlled and $5,500 per ton of VOC controlled for the
presumptive limits in the RACT II Rule.!!

In addition to the cost effectiveness threshold, the manner in which this threshold is applied in determining
RACT for a category of sources is critically important. The way in which the threshold of $2,800 per ton
was applied in establishing NOx RACT in the Commonwealth of Pennsylvania was summarized by U.S.
EPA as follows:

In determining its presumptive NOx RACT limits under the RACT II Rule, PADEP considered
controls to be economically reasonable when installed and operated under $2,500 per ton of NOx
removed. EPA finds PADEP’s cost effectiveness threshold reasonable. Based on our analysis, EPA
found that cost-effectiveness of SCR in Pennsylvania boilers ranged from $3,651-$25,238 per ton,
while SNCR ranged from $2,217 to $17,594 per ton for conventional boilers (non-CFBs) and $6,076
to $19,732 per ton for CFB boilers. Because cost-effectiveness of these controls exceeded $2,500
per ton of NOx removed for the majority of coal-fired boilers in Pennsylvania without these controls
in place, it is reasonable to conclude that it would be economically infeasible to require the
installation and operation of SCR or SNCR on all coal-fired boilers in Pennsylvania. Based on this
analysis, EPA concludes that PADEP’s RACT II Rule determination for any large coal-fired boilers
without post-combustion controls in place is based on the operation of existing controls, in most
cases LNB and/or OFA. Thus, EPA finds that PADEP’s determination for this subset of coal-fired
boilers is reasonable, considering economic infeasibility of retrofitting these additional controls. '

2.5 Conclusion and Proposed RACT Determination.

The circumstances present in the NOx RACT analysis for coal-fired boilers without add-on NOx controls in
Pennsylvania, as discussed in Section 2.4 above, are representative of those for this RACT analysis: There
are a small number of utility boilers with capacity factors less than 10 percent in Maricopa County and, as
shown in section 5.0 of this report, there are no additional control measures that are economically reasonable
for these units either individually or as a group.

1184 Fed. Reg. 20274 at 20286 (May 9, 2019).

12.U0.8. EPA, Technical Support Document for the Pennsylvania State Implementation Plan Revision for Certain Reasonably
Available Control Technology Requirements under the 1997 and 2008 8-hour Ozone National Ambient Air Quality Standard at
24  (Feb. 22, 2018). Available at www.regulations.gov/contentStreamer?documentld=EPA-R03-OAR-2017-0290-
0017&contentType=pdf. Internal citations omitted; emphasis in original.
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The approach taken by the Commonwealth of Pennsylvania and approved by U.S. EPA should be applied
here: RACT should be established based on the use of work practices and these units should not be subject
to numeric emission standards.

Based on the NOy RACT analysis presented herein, SRP proposes the following as RACT for natural gas
and fuel oil-fired boilers with capacity factor equal to or less than 10%, including Units 1, 2, and 3 at the
Agua Fria Generating Station: Use of good combustion practices, and a requirement to operate in
accordance with the manufacturer’s specifications, with no numeric emission standards.



3.0 NOx Emissions from Combustion Sources.

Nitrogen oxides (NOy) consist of both nitrogen oxide (NO) and nitrogen dioxide (NO;). During
combustion, NO typically accounts for about 50% to 90% of the total NO4 emissions. However, since NO
is converted to NO; in the atmosphere, the mass emission rate of NOy is usually reported as NO,.

NOx is formed during combustion in natural gas and fuel oil-fired boilers through three mechanisms;

1. Thermal Formation,
2. Fuel Formation, and
3. Prompt Formation.

3.1 Thermal NOx.

Of these three formation mechanisms, thermal formation or thermal NOy is expected to represent at least
70% of the total NOx formation. Thermal NOx results from the high temperature oxidation of nitrogen (N>)
and oxygen (O7). In this mechanism, N is supplied from air, which is 78% N by volume. The thermal
NOx reactions are described by the Zel’dovich mechanism as follows:

N,+0 & NO+N (1)
N+0, o NO+0 (2
N>+ 0,6 2NO(1)  Overall

The first step is rate limiting due to its high activation energy. As a result, thermal NOy requires high
temperatures to proceed. Thermal NOy formation increases exponentially with temperature, becoming
significant at temperatures above approximately 2,800 °F. Because thermal NOy formation increases
exponentially with temperature and because thermal NOy accounts for a large share of the total NOy
emissions, combustion control systems which reduce peak flame temperatures such as low NOx burners
are effective NOy controls for boilers.

3.2 Fuel NO..

Fuel NOx results from the oxidation of organic nitrogen compounds in the fuel. Because fuel bound
nitrogen is more easily converted to NOy during combustion, nitrogen levels in fuel can have a significant
impact on NOy formation. However, since both natural gas and distillate fuel oil have only trace organic
nitrogen compounds, fuel NOx formation is expected to be very small for these natural gas and distillate
fuel oil-fired boilers.

3.3 Prompt NO-..

Prompt NOx is formed by the reaction of hydrocarbon radicals with atmospheric nitrogen to produce
hydrogen cyanide (HCN) and ultimately NOy through a complex series of gas phase reactions. Prompt NOy
is expected to account for 20 — 30% of the total NOyx emissions. Like thermal NOx, prompt NOx formation
can be reduced through combustion controls which reduce peak flame temperatures.



4.0 Available NOx Control Technologies.

The RACT evaluation process starts with identifying available control technologies for the source. The
available controls are then reviewed to determine controls which are technically feasible control options.
Note that the following is a general discussion of available controls. However, the applicability of these
controls must be determined for each boiler application.

The following NOx control technologies are available for natural gas and distillate fuel oil-fired boilers:

Combustion Controls 1. Low NOx Burners (LNB)
a. LNB plus Overfire Air (OFA)
b. LNB plus Flue Gas Recirculation (FGR)

Post Combustion Controls | 2. Selective Catalytic Reduction (SCR)
3. Selective Non-Catalytic Reduction (SNCR)
4. EMx™ Catalytic Absorption Process (EMx or SCONOx™)

4.1 Low NOy Burners.

For natural gas and fuel oil-fired boilers, Low NOx burners (LNB) are designed to control the mixing of air
and fuel to reduce peak flame temperatures. Low NOx burners reduce NOx emissions by staging the
combustion process. Staging slows down the combustion process, resulting in cooler flame temperatures
which suppresses thermal NOx formation. The Utility Boiler ACT indicates the reduction in NOy emissions
achievable with LNB at wall-fired utility boilers burning natural gas or fuel oil is generally expected to be
30% to 50% from uncontrolled levels. "

Low NOy burners are designed to control fuel and air mixing at the burner in order to create larger flame
patterns. This reduces the peak flame temperature and results in lower thermal NOy formation. The modified
flame structure also reduces the amount of oxygen available in the hottest part of the flame, improving
burner efficiency. Primary combustion, NOy reduction and fuel burnout are accomplished in three stages in
a modern, LNB equipped boiler:

1. The first stage is a fuel rich zone where oxygen levels are maintained below the stoichiometric
requirement to complete combustion. Most NOx is formed in this zone.

2. The second stage is a reducing zone where unburned hydrocarbon radicals reduce the NOy
formed in the first stage.

3. In the third stage, overfire air completes combustion, but produces additional NOx. NO
formation is minimized by completing combustion in a low excess oxygen environment.

Low NOx burners are an available and effective NOy control technology for natural gas-fired boilers.

13 Utility Boiler ACT Document at p. 2-28.



4.1.1 Low NOx Burners plus Overfire Air.

Some LNB designs may involve two stage combustion using separate overfire air ports. Combustion air is
directed to the burners at rates less than the stoichiometric requirement to complete combustion, with the
remainder provided in separate overfire air ports. This combustion technique can reduce peak flame
temperatures and reduce NOy emissions. This combustion staging is common in coal-fired boilers.
However, for natural gas and fuel oil combustion, this deep staging of overfire air is not normally required.
Instead, the staging of combustion is typically accomplished within the burner itself. Therefore, separated
overfire air is not a feasible NOx control for these natural gas-fired boilers.

4.1.2 Low NOx Burners plus Flue Gas Recirculation.

Flue gas recirculation (FGR) is another combustion modification often used in conjunction with low NOy
burners. FGR can be used to reduce peak flame temperatures and create an oxygen depleted zone by
reducing the concentration of oxygen near the burner. FGR reduces the oxygen content of the air at the base
of the furnace by diluting the primary air blown into the furnace with recirculated flue gas from the back
pass or economizer section of the boiler. This technique is used to create an oxygen depleted reducing zone
where unburned hydrocarbon species act to reduce the NOy formed near the burner. This oxygen depleted
zone reduces the peak flame temperatures which minimizes NOy formation.

SRP has a vendor quote for low NOx burners without FGR. The addition of FGR to these boilers may result
in NOy emission reductions beyond what can be achieved by low NOy burners alone. However, unlike low
NOx burners which can be installed as replacements to the existing burners, FGR would involve significant
boiler modifications, including new high temperature flue gas ductwork, high temperature fans, dampers,
and control equipment. Because of the large capital costs for the addition of FGR and the incremental
emission reductions which would be achieved with this equipment, FGR is expected to have control costs
at least as high as for low NOy burners. Therefore, FGR is not evaluated further in this RACT analysis.

4.2 Selective Catalytic Reduction (SCR).

Selective Catalytic Reduction (SCR) is a post combustion flue gas treatment for controlling NOy emissions
which uses an ammonia (NH3) or urea (CO(NH»),) injection system and a catalytic reactor. SCR systems
utilize an injection grid which disperses ammonia in the flue gas upstream of the catalyst. NHj3 reacts with
NOx in the presence of the catalyst to form nitrogen (N,) and water according to the following equations:

4NH; +4NO + O, > 4N, + 6H,0 4ANH; + 2NO; + O, - 3N, + 6H,O
2NH; + NO, +NO— 2N, + 3H,O

Catalysts are substances which evoke chemical reactions that would otherwise not take place by providing
a reaction mechanism that has a lower activation energy than the uncatalyzed mechanism. For SCR, the
catalyst is usually a ceramic noble metal, a base metal (titanium or vanadium) oxide, or a zeolite-based
material. To achieve optimum long-term NOy reductions, SCR systems must be designed for each
application. In addition to critical temperature considerations, the ammonia injection rate must be carefully
controlled to maintain an NH3/NOy molar ratio that effectively reduces NOx. Excessive ammonia injection



will result in ammonia emissions, called ammonia slip. SCR has the capability to make substantial
reductions in NOy emissions. For these boilers, SCR is expected to reduce NOx emissions by 90%.

4.3 Selective Non-Catalytic Reduction (SNCR).

In a selective non-catalytic reduction (SNCR) control system, urea or ammonia is injected into boilers
where the flue gas temperature is approximately 1,600 °F to 2,100 °F. At these temperatures, urea
[CO(NH>),] or ammonia reacts with NOy, forming elemental nitrogen and water, without the need for a
catalyst. The overall NOy reduction reactions are similar to those for SCR. Multiple injection points are
required to thoroughly mix the reagent into the boiler furnace. The limiting factor for an SNCR system is
the ability to contact the NOx with the reagent without resulting in excessive ammonia slip and without
excessive ammonia decomposition before the NOx emissions can be reduced. The Utility Boiler ACT
indicates the reduction in NOy emissions achievable with SNCR at wall-fired utility boilers burning natural
gas or fuel oil is generally expected to be 25% to 40% from uncontrolled levels.'

SNCR has been widely used in circulating fluidized bed boilers burning solid fuels such as coal or biomass.
SNCR is not commonly used in other boiler types, although some pulverized coal-fired boilers do utilize
SNCR. Never-the-less, SNCR is generally considered to be a technically feasible NOx control technology
for natural gas and oil-fired utility boilers.

4.4 EMx™ Catalytic Absorption/Oxidation (formerly SCONOx™),

The EMx™ system is an add-on control device that catalytically oxidizes NO to NO; and then adsorbs the
NO; onto a potassium carbonate-coated catalyst surface. The overall chemical reaction between NO, and
the potassium carbonate catalyst is as follows:

2 NO; + K»,CO3 — CO; + KNO; + KNO3

The EMx™ process does not require injection of a reactant, such as ammonia, into the gas stream being
treated. EMxX™ catalyst is reported to perform acceptably in the operating temperature range of 425 °F to
750 °F with the best economy and lowest pressure drop achieved in the temperature range of 550 °F to 650
°F where the catalyst activity is highest and the catalyst volume is minimized."> Based on this claimed
operating range, the flue gas temperatures from the Agua Fria Unit 1, 2, and 3 boilers would not be in the
optimal range for the EMx™ technology.

The EMx™ catalyst has a finite capacity to react with NO; because potassium carbonate is “consumed” by
NO; as shown above. Thus, in order to maintain the required NOx removal rate, the catalyst must be
periodically regenerated. Regeneration is accomplished by passing a reducing gas containing hydrogen in

14 Utility Boiler ACT Document at p. 2-31.

15 See, for example, http://docketpublic.energy.ca.gov/PublicDocuments/Regulatory/Non%20Active%20AFC's/07-
AFC-9%20Canyon/2009/January/TN%2049920%2001-28-09%20ECM%20Technology%20White%20Paper.pdf at
page 38 of the PDF file.
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dilute concentration (i.e., about 2 to 4 percent H) across the surface of the catalyst in the absence of oxygen.
Hydrogen in the regeneration gas reacts with the nitrites and nitrates to form water and molecular nitrogen.
Carbon dioxide in the regeneration gas reacts with the potassium nitrite and nitrates to regenerate potassium
carbonate, which is the original chemical in the catalyst coating. The overall chemical reaction during
catalyst regeneration is as follows:

KNO; + KNO; +4 H, + CO; — K,COs3 +4 H,O + Ny

The regeneration gas is produced in a gas generator using a two-stage process to produce molecular
hydrogen and carbon dioxide. In the first stage, natural gas and air are reacted across a partial oxidation
catalyst to form carbon monoxide and hydrogen. Steam is then added to the mixture and passed across a
low temperature shift catalyst, forming carbon dioxide and more hydrogen. The regeneration gas mixture
is diluted to less than four percent hydrogen using steam.

In order to regenerate its catalyst, the EMx™ system is constructed in parallel modules so that a module
can be isolated from the combustion turbine exhaust gas stream using inlet and outlet dampers. The isolated
module is then regenerated while other modules remain open to flow for treatment of the combustion turbine
exhaust gas stream.

Sulfur compounds (e.g., SO, SO3) in the gas quickly inactivate the EMx™ catalyst requiring the catalyst
to be removed from the reactor for regeneration. To avoid this problem, EMx™ systems on natural gas
fueled combustion turbines include an upstream ESx™ catalyst module that removes the sulfur before they
reach the EMx™ catalyst beds. The ESx™ catalyst is regenerated at the same time as the EMx™ catalyst
by the same regeneration gas. This releases collected SOx as SO, into the regeneration off-gas stream.

EMx™ is demonstrated for use on relatively small combined-cycle natural gas fueled combustion turbines.
The largest application is the 50 MW Unit 6 combined cycle combustion turbine at the Redding, California
municipal power plant. EMx™ has not been demonstrated on a large combined cycle combustion turbine
or on any simple-cycle combustion turbine. The La Paloma Generating Project in California initially
proposed to demonstrate EMx™ on a 150 MW turbine, but ultimately an SCR system was installed instead.
This was also the case with the Otay Mesa project located in California.

Some of the issues identified with applying EMx™ are:

o The catalyst is very sensitive to sulfur in the exhaust gas;

o The reliability of the system’s moving parts over time is an operational and maintenance concern;
o The use of hydrogen for regeneration could be a serious safety concern;

e The potential exists for scale-up issues for the larger boilers at the Agua Fria Generating Station;

e An EMx™ system has significant pressure drop — about twice that of a comparable SCR system —
which presents design challenges and would require the replacement of the induced draft fans.

An EMx™ system is expected to achieve controlled NOx emission rates similar to SCR systems, but the
costs are expected to be higher, and EMx™ systems have a limited number of current commercial and



industrial scale applications on large utility boilers. For these reasons, an EMx™ system is not considered
feasible for this RACT analysis.



5.0 Agua Fria Units 1, 2, and 3 Boilers.

The Agua Fria Generating Station Units 1, 2, and 3 are natural gas and fuel oil-fired electric utility steam

generating units. The general specifications for these units are summarized in Table 5-1. These units have
very low utilization, with a typical capacity factor of approximately 5 percent, and essentially 100% of the
heat input to all three boilers is typically natural gas.

TABLE 5-1.  General specifications for the Agua Fria boilers, Units 1, 2, and 3.
Parameter Unit 1 Unit 2 Unit 3
Fuels Natural Gas / Fuel Oil | Natural Gas / Fuel Oil | Natural Gas / Fuel Oil
Manufacturer Riley Stoker Riley Stoker Riley Stoker
Boiler Type Wall-Fired Wall-Fired Wall-Fired
No. of Burners 12 12 16
Installation Date 1958 1957 1961
Heat Input Capacity, MMBtwhr 1,253 1,253 1,956
Electric Capacity, MW 114 114 163

For the 5-year period from 2015 to 2019, the Unit 1 and 2 boilers had NOy emission rates of approximately
0.24 to 0.27 Ib/MMBtu on an annual average basis, equal to flue gas NOx concentrations of 200 to 220
ppmdyv at 3% excess oxygen. These are annual average rates across all load ranges. It is important to note
that the maximum hourly NOyx emission rates are substantially higher than these annual average rates.

The Unit 3 boiler has a higher heat input capacity and higher steam production rate, but is a compact boiler
design with a higher heat release rate, expressed in Btu per hour per cubic foot of furnace volume (Btu/hr-
ft’). As a result, for the 5-year period from 2015 to 2019, the Unit 3 boiler had higher NOx emission rates
of approximately 0.46 to 0.55 1b/MMBtu on an annual average basis, equal to a flue gas NOx concentration
of 375 to 450 ppmdv at 3% excess oxygen. As with the Unit 1 and 2 boilers, the maximum hourly NOy
emission rates are substantially higher than these annual average rates.

5.1 Available NOx Control Technologies.

The available NOx control technologies for the Agua Fria Units 1, 2, and 3 boilers include LNB, SNCR,
and SCR.



5.2 Low NOy Burners.

LNB are a common method used to control NOy emissions from natural gas-fired boilers. All three of the
Agua Fria Unit 1, 2 and 3 boilers are wall-fired boilers. Units 1 and 2 each have 12 burners, while Unit 3
has 16 burners. A low NOy burner replacement project would involve removing and replacing these
existing burners and making other changes such as upgrades to the boiler control systems.

SRP has received a budgetary quote from Riley Power Inc. to provide the design, material, and fabrication
of new STS® dual fuel LNB to replace the existing burners on the Agua Fria Unit 1, 2 and 3 boilers. The
new burners would be designed to bolt in place with minimal field modifications and have the capability
for 100% firing on either natural gas or distillate fuel oil. A copy of this budgetary quote is provided in
Appendix A of this RACT analysis. These burners would use the existing fans, gas valve train, and control
systems on each boiler. This proposal did not include performance guarantees, unloading, electrical
engineering, installation, startup assistance, or training.

For the Unit 1 and 2 boilers, Riley Power indicated expected performance of 0.16 1b NOx/MMBtu when
firing natural gas and 0.42 Ib/MMBtu when firing fuel oil with the LNB. For the Unit 3 boiler, Riley Power
indicated expected controlled NOx emission rates of 0.4 to 0.5 Ib/MMBtu with low NOy tips and windbox
partitioning, with emissions as low as 0.3 Ib/MMBtu depending on actual unit performance and operating
conditions. From the budgetary quote, Riley Power indicated equipment costs of $2,200,000 for the first
of the Unit 1 and 2 boilers, and $1,850,000 for the second boiler, or an average LNB equipment cost of
$2,025,000 for each of the Unit 1 and 2 boilers. Riley Power also indicated an equipment cost of $2,375,000
for LNB for the Unit 3 boiler.

These quoted prices are for the LNB equipment only. The installation of these burners would include other
indirect costs such as installation, project administration, startup, emissions testing, and training of boiler
operators and plant maintenance staff. For this RACT analysis, consistent with the assumption made in the
Utility Boiler ACT document, the estimated indirect costs are 30% of the total direct costs.'® And because
these boilers are from 59 to 63 years old, there may be significant retrofit contingency costs not initially
anticipated, such as asbestos remediation, control system upgrades, or boiler water wall repairs necessary
for the installation of the burners. For this RACT analysis, the contingency cost is 20% of the sum of the
purchased equipment costs and indirect costs. No retrofit factor is applied.

Total annual costs include capital recovery and general and administrative costs, taxes, and insurance.
Consistent with the Control Cost Manual, the latter cost categories are assumed to be 4% of the total capital
costs.!” Labor, operating & maintenance costs, and overhead are conservatively assumed to be zero.

Tables 5-2 and 5-3 summarize the capital costs, annual costs, and cost effectiveness for low NOy burners
on the Unit 1 and 2 boilers and the Unit 3 boiler, respectively. From Table 5-3, the use of LNB on the Unit
1 and 2 boilers would result in a potential emission reduction of 49.4 tons per year per boiler based on a

16 Utility Boiler ACT Document at p. 6-19.
17 Control Cost Manual, 6% Ed., p. 2-34.



capacity factor of 10%. LNB would have a total capital requirement of $3,159,000, an annual cost of
$473,200, and a cost effectiveness of $9,580 per ton of NOy controlled.

From Table 5-4, the use of LNB on the Unit 3 boiler would result in a potential emission reduction of 128.5
tons per year based on a unit capacity factor of 10% and an aggressive controlled NOx emission rate of 0.35
Ib/MMBtu. LNB would have a capital cost of $3,705,000, an annual cost of $555,000, and a cost
effectiveness of $4,320 per ton of NOx controlled.

Based on these costs, the use of low NOx burners for the control of NOx emissions from the Agua Fria Units
1, 2, and 3 boilers is not a feasible RACT option.

TABLE 5-2. Capital costs, annual costs, and cost effectiveness for low NO, burners for each of the
Agua Fria Unit 1 and 2 boilers based on a 10% capacity factor for each boiler.

Total Capital Requirement with Retrofit (TCR)
Riley Power LNB Equipment Costs $2,025,000 Purchased Equipment Cost (PEC)

Indirect Costs $607,500 30% of the PEC
Contingency Costs $526,500 20% of the PEC and Indirect Costs
Total Capital Requirement $3,159,000

Annual Costs
General & Administrative, Taxes,

$126,400 4% of TCR

Insurance
Capital Recovery $346,800 Based on 15-year life and 7% interest rate
Total Annual Cost $473,200
Emission Reduction and Cost Effectiveness
Uncontrolled Emission Rate 0.25 Ib/MMBtu
Controlled Emission Rate 0.16 Ib/MMBtu
Emission Reduction 49.4 ton/yr
Cost Effectiveness $9,580 $ per ton of NO, Controlled

TABLE 5-3. Capital costs, annual costs, and cost effectiveness for low NOx burners for the Agua
Fria Unit 3 boiler based on a 10% capacity factor.

Total Capital Requirement with Retrofit (TCR)
Riley Power Burner Equipment Costs ~ $2,375,000 Purchased Equipment Cost (PEC)

Indirect Costs $712,500 30% of the PEC
Contingency Costs $617,500 20% of the PEC and Indirect Costs
Total Capital Requirement $3,705,000

Annual Costs




General & Administrative, Taxes, $148200 4% of TCR

Insurance
Capital Recovery $406,800 Based on 15-year life and 7% interest rate
Total Annual Cost $555,000
Emission Reduction and Cost Effectiveness
Uncontrolled Emission Rate 0.50 Ib/MMBtu
Controlled Emission Rate 0.35 Ib/MMBtu
Emission Reduction 128.5 ton/yr
Cost Effectiveness $4,320 $ per ton of NO, Controlled

5.3 Selective Non-Catalytic Reduction (SNCR).

SNCR systems for these boilers would include an ammonia injection grid which would inject urea into the
boiler at locations which would optimize NOy reduction at the given boiler load, as well as aqueous
ammonia or urea storage tanks, and metering equipment and controls. SNCR systems would also require
piping, water treatment for dilution water, ductwork and ductwork modifications, auxiliary power
modifications, and other electrical and site upgrades necessary as part of the SNCR systems.

For purposes of this RACT analysis, the costs of applying SNCR have been conservatively estimated using
the methodology recommended by U.S. EPA in its recently released update to Section 4, Chapter 1 of the
Control Cost Manual.'® Appendix B of this report includes the output of this spreadsheet for the Units 1
and 2 and Unit 3 boilers. Costs estimated using this methodology significantly understate the actual costs
that would be incurred to install SNCR because they do not include annualized sales taxes, property taxes,
insurance costs, or costs for operating and supervisory labor. Inclusion of these costs would be appropriate
and would be consistent with both the Utility Boiler ACT Document and Section 1, Chapter 2 of the Control
Cost Manual.

Table 5-4 summarizes the data from these control cost spreadsheets. The costs in Table 5-4 are based on a
capacity factor of 10% for each boiler and a conservatively assumed SNCR control efficiency of 40% from
the uncontrolled emission rates.

18 Spreadsheet available on the U.S. EPA internet web site at www.epa.gov/sites/production/files/2019-
06/sncrcostmanualspreadsheet june2019vf.xIsm.
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TABLE 54. Capital costs, annual costs, and cost effectiveness for SNCR for the Agua Fria Unit 1,
2, and 3 boilers based on a 10% capacity factor for each boiler.

U“'t:;cf‘;‘d 2 Unit 3
Capital Cost, $ $4,233,000 $5,321,000
Capital Cost, $ per kW $37 $33
Direct Annual Costs, $ per year $99,100 $274,900
Indirect Annual Costs (incl. Capital Recovery), $ per year $466,700 $586,600
Total Annual Costs, $ per year $565,800 $861,500
NOy Emission Reduction, tons per year 52.6 164.3
Cost Effectiveness, $ per ton of NOy controlled $10,750 $5,240

From Table 5-4, the use of SNCR on each of the Unit 1 and 2 boilers would result in a potential emission
reduction of 52.6 tons per year. SNCR would have a capital cost of $4,233,000; an annual cost of $565,800;
and a cost effectiveness of $10,750 per ton of NOy controlled. The use of SNCR on the Unit 3 boiler would
result in a potential emission reduction of 164.3 tons per year. SNCR would have a capital cost of
$5,321,000; an annual cost of $861,500; and a cost effectiveness of $5,240 per ton of NOx controlled. Based
on these costs, the use of SNCR for the control of NOx emissions from the Agua Fria Units 1, 2, and 3
boilers is not a feasible RACT option.

5.4 Selective Catalytic Reduction (SCR).

SCR systems for these boilers would include a catalyst reactor housing located upstream of the air heater,
the catalyst and support matrix, an ammonia injection grid, aqueous ammonia storage tanks, and ammonia
metering equipment and controls. SCR systems would also require piping, water treatment for dilution
water, ductwork and ductwork modifications, auxiliary power modifications, and other electrical and site
upgrades necessary as part of the SCR systems.

For purposes of this RACT analysis, the costs of applying SCR have been conservatively estimated using
the methodology recommended by U.S. EPA in its recently released update to Section 4, Chapter 2 of the
Control Cost Manual.'* Appendix C of this report includes the output of this spreadsheet for the Units 1
and 2 and Unit 3 boilers.

19 Spreadsheet available on the U.S. EPA internet web site at www.epa.gov/sites/production/files/2019-
06/scrcostmanualspreadsheet june-2019vf.xlsm.
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Table 5-5 summarizes the data from these control cost spreadsheets. The costs in Table 3 are based on a
capacity factor of 10% for each boiler and an SCR control efficiency of 90% from the uncontrolled emission
rates.

TABLE 5-5. Capital costs, annual costs, and cost effectiveness for SCR for the Agua Fria Unit 1, 2,
and 3 boilers based on a 10% capacity factor for each boiler.

U“'t:;cf‘;‘d 2 Unit 3
Capital Cost, $ $12,634,000 $15,939,000
Capital Cost, $ per kW $111 $98
Direct Annual Costs, $ per year $330,500 $752,700
Indirect Annual Costs (incl. Capital Recovery), $ per year $1,390,400 $1,753,500
Total Annual Costs, $ per year $1,720,900 $2,506,200
NOy Emission Reduction, tons per year 123.5 385.5
Cost Effectiveness, $ per ton of NOy controlled $13,940 $6,500

From Table 5-5, the use of SCR on each of the Unit 1 and 2 boilers would result in a potential emission
reduction of 123.5 tons per year. SCR would have a capital cost of $12,634,000; an annual cost of
$1,720,900; and a cost effectiveness of $13,940 per ton of NOx controlled. The use of SCR on the Unit 3
boiler would result in a potential emission reduction of 385.5 tons per year. SCR would have a capital cost
0f $15,939,000; an annual cost of $2,506,200; and a cost effectiveness of $6,500 per ton of NOx controlled.
Based on these costs, the use of SCR for the control of NOy emissions from the Agua Fria Units 1, 2, and
3 boilers is not a feasible RACT option.



5.5 Conclusions.

Tables 5-6 and 5-7 summarize the available and technically feasible NOx RACT options for the Agua Fria
Generating Station Units 1, 2, and 3 boilers, the potential emission reductions, and the cost effectiveness of
each control option. Note that the potential emission reductions and the resulting cost effectiveness are
based on a on a capacity factor of 10% for each boiler which greatly overstates the actual emissions and the
potential emission reductions. Even with these conservative assumptions, no control options meet the cost
effectiveness threshold of $2,300 per ton discussed in Section 2.4 of this report.

TABLE 5-6. NOx control options, emission reductions, and cost effectiveness for each of the
Agua Fria Generating Station Unit 1 and 2 boilers based on a 10% capacity factor.

Emission Annual Cost
NOx Control Option Rate Emissions Capital Cost | Annual Cost | Effectiveness
Ib/MMBtu ton/yr $ per ton
Current Uncontrolled 0.25 1372
Boiler
LNB 0.16 87.8 $3,159,000 $473,200 $9,580
SNCR 0.15 84.6 $4,233,000 $565,800 $10,750
SCR 0.025 13.7 $12,634,000 $1,720,900 $13,940

TABLE 5-7. NOx control options, emission reductions, and cost effectiveness for the Agua Fria
Generating Station Unit 3 boiler based on a 10% capacity factor.

Emission Annual Cost
NOx Control Option Rate Emissions Capital Cost | Annual Cost | Effectiveness
Ib/MMBtu ton/yr $ per ton
Cuyrent Uncontrolled 0.50 478.4
Boiler
LNB 0.35 299.9 $3,705,000 $555,000 $4,320
SNCR 0.30 264.1 $5,321,000 $861,500 $5,240
SCR 0.050 42.8 $15,939,000 $2,506,200 $6,500




Appendix A



Kris Pringle November 22, 2019
Mechanical Engineer Sr.

Salt River Project

P.0O. Box 52025

Phoenix, AZ 85072-2025

Re: 503660 SRP Agua Fria Power Plant Burner Replacement
Design, Supply and Installation Proposal — Revision 01

Dear Mr. Pringle,

We appreciate the time extended to Mike Lynch (V.P Projects) and the Riley Power Sales team last week
by Bob Ellis to better understand SRP’s operational goals for Agua Fria Units 1 — 3. From this
information, we are pleased to present you with this more accurate budget estimate including new
gas/oil burners and the ability to light off oil during any interruption of gas supply.

This indicative budget pricing for the scope associated with the design, supply and installation of new
burners to startup on D2 in case of a loss of all Gas supply while meeting current emissions
requirements at Agua Fria Power Plant in Glendale, Maricopa County, Arizona. As the boiler OEM, Riley
Power is uniquely suited to consider both the boiler implications (e.g. performance, temperatures, etc..),
and the burner implications (e.g. flame length, emissions) for this important project.

The basis of this budgetary proposal to provide a Design & Erect (D&E) approach under the Babcock
Power family of companies, with Riley Power Inc (RPI) assuming responsibility for the engineering,
design, procurement, delivery, and TEi Construction (TEIC) will be responsible for the installation of the
equipment.

Riley Power Inc. Experience

With our technical expertise and demonstrated project execution capabilities, RPI provides optimum
technical solutions to the industrial and utility markets. These solutions address boiler technologies, as
well as current and potential future emission regulations. RPI solutions are competitive from both a
capital and operational cost perspective with delivery of these solutions on schedule and with high
quality.

RPI and TEIC have executed numerous burner retrofit / replacement projects over the last few years and
are able to coordinate design with constructability to streamline the overall project success.

The Riley Power Team

Low Evaluated Cost: RPI’s goal is to provide the maximum benefit to SRP while achieving the minimum
total evaluated cost.



Proven Design: RPI is well experienced in the successful design, supply, start-up, and performance of
fuel burning systems.

Project Management Capability: The RPI team will provide unmatched depth of experience, ability to
execute large projects, and financial strength. Our experience and expertise will provide the best
performing and most reliable technology possible, and a successfully executed project.

Experienced in Fired Equipment Systems Projects: Riley Power’s experience in the design of boiler
systems makes us one of the preeminent suppliers of these systems in the world. We are a major
supplier of engineered products and services to the utility and industrial industries in the areas of fuel
combustion systems, boiler upgrades, fuel switching, and environmental controls. The entire design will
be performed at our headquarters in Marlborough, Massachusetts where engineers and designers work
to provide our clients with state-of-the-art designs using the latest tools such as ProE, STAAD, AutoCAD
and FLUENT CFD Modeling.

Financial Strength: RPI has developed and maintained solid financial strength through its diverse lines
of products and services for the U.S. utility and industrial markets. RPIl has more than adequate

resources to complete this project on time and within budget, while meeting all contract requirements.

1.0 Scope of Supply

RPI will provide the following materials and services, as described below.

1.1. Riley STS® Gas Burner

RPI will provide the design, material, and fabrication of new STS® dual fuel burners to replace the
existing burners. The new burners will be designed to bolt in place with minimal field modifications.
The STS® burner will have the capability for 100% firing on either natural gas or number 2 fuel oil.

e Twelve (12) Riley Power Inc. STS® dual fuel burners, each with:
o Dual air zone with stainless steel primary air (PA) barrel
o Stainless steel PA swirler
o 310 stainless steel gas injector nozzles
o Adjustable secondary air (SA) swirl vanes (to be set during commissioning for optimal flame
shape)
o Adjustable burner shroud and PA flow control damper (to bet set during commissioning for
optimal burner air distribution)
o Opening for main flame scanner
o One (1) view port
e C(lass lll Special — Direct Spark igniter (HESI)
e Flame scanner (Dual Channel IR/UV)
e QilGuns
e Flex hoses for gas and oil

1.2. Engineering Services

e Provide arrangement drawings for RPI supplied equipment

e Provide design documentation, drawings, lists, and manuals for RPI supplied equipment

e Provide installation arrangement drawings of burner equipment and mechanical equipment
supplied in this Proposal



1.3.

1.4.

2.0
2.1.

Project Management

e Project Manager providing overall project and technical coordination
e Project scheduling and reporting
e Quality Assurance and Control

Clarifications & Exclusions

e (Clarifications:

o Existing fan(s) are to be reused to supply combustion air and cooling air.
Existing gas valve train is in working condition and can be reused to supply adequate gas flow.
Existing oil valve train is in working condition and can be reused to supply adequate oil flow.
Burner front piping to be reused upstream of fuel flex hoses.
The existing control system(s) will be reused. RPI will provide new air and fuel curves to be
integrated into existing control system by Owner.
o Note that RPI recommends that the existing fuel trains are reviewed for NFPA compliance

O
O
O
O

e  Exclusions:

Performance Guarantees (if required, to be developed and agreed upon under final contract)
Unloading of shipped components

Removal, abatement, and/or disposal of Asbestos and Lead
Electrical engineering, material supply and installation, if required
Scaffolding or insulation and lagging

Refractory repairs or replacement

Any equipment or services not explicitly stated in this proposal
Startup Assistance (this can be provided at T&M rates, attached)
On-site training

Evaluation of existing equipment not modified by RPI

O 0O O O O O O O O O

Technical Discussion

STS® Burner System Description

RPI has successfully supplied over 300 STS® burners firing natural gas as a primary and secondary
fuel since 1992. Over 50 have been supplied within last three years. The STS® burner design
excellent flexibility for various fuel sources and across a wide operating load range.

As shown in Figure 1, the combustion air passageway into the furnace is divided into two (2)
streams; primary and secondary air, with independent air flow and swirl control. All adjustments on
the burner are manually set during commissioning for optimal performance and are then left in
place during operation.

Total air flow to the burner is controlled by the burner total air shroud. The primary air (PA) and
secondary air (SA) flow split is controlled through a manually adjusted sleeve damper. The
secondary air register has adjustable axial blades, which provide excellent swirl control and low
pressure drop. The SA swirl is adjustable from the burner front from 0° (no swirl) to 60° (high swirl).



























































































































n = Equipment or Project life, years

In this RACT analysis, the interest rate i is 7.0%, consistent with MCAQD guidance.’

The project life for all pollution control technology alternatives evaluated in this RACT analysis has been
based on an equipment life of 15 years. This equipment life was used for evaluating control technology
costs in the Gas Turbine ACT Document:

The life of the control equipment depends upon many factors, including application,
operating environment, maintenance practices, and materials of construction. For this study, a 15-

year life was chosen.®

This project life in the ACT was used for evaluating water and steam injection, low-NOx combustion, and
selective catalytic reduction control systems.

Substituting the interest rate of 7.0% and project life of 15 years into the above equation, the CRF value is:

CRF = i+ 0.07(1+0.07)° 0.10979
[ @+i)m-1 [(@+0.07)5-1]

The annual cost for the capital investment is then calculated as the product of the CRF and the Total Capital
Cost (TCC):

Annual Capital

Recovery Cost = CRExTCC

2.4 Fuel Costs.

Some NOx control systems may have an efficiency penalty. That is, the technology may reduce the
efficiency of the CTG. To evaluate efficiency impacts, a uniform natural gas cost of $3.00 per million Btu
has been used in this RACT analysis. This value is representative of the long-term average costs of natural
gas delivered to the affected generating stations.

2.5 Demineralized Water Costs.

Demineralized water costs for pollution control systems like water injection have been estimated using the
methods described in How to Estimate Utility Costs, G. D. Ulrich and T.T. Vasudevan, University of New

"MCAQD, Requirements, Procedures and Guidance in Selecting BACT and RACT (revised Jan. 2019). This rate is
conservative; the rate suggested in the Gas Turbine ACT Document is 10%.
8 Gas Turbine ACT Document at p. 6-206.




















































































CTG Heat Input Capacity 912 MMBtu/hr

Natural Gas Heat Value 21,000 Btu per pound, HHV

Natural Gas Fuel Flow Rate 43,429 1b/hour

Steam-to-Fuel Ratio (Q2) 1.0 1b steam/Ib fuel

Water Flowrate 87 gallons per minute (GPM)

Water Flowrate 4,558,800 gallons per year

Cost Escalation (Inflation) Factor 1.93  Escalated from Dec. 1990 to Mar. 2020 based on the CPI.

Table 7-3 is a summary of the annual costs and the cost effectiveness for a steam injection system for each
GE Model 7B simple cycle CTG.

The annual capital recovery cost is calculated as the product of the total capital cost of $3,406,000 and the
capital recovery factor (CRF) of 0.10979 as described in section 2.3. The fuel cost is based on a 1% loss
in CTG efficiency with steam injection and a natural gas cost of $3.00 per MMBtu. The steam injection
system maintenance, overhead, and general administrative costs are based on Chapter 6 of the Gas Turbine
ACT Document. The costs from the Gas Turbine ACT Document have been escalated from 1990 dollars
to March 2020 dollars based on the CPI. The demineralized water costs are based on $0.02103 per gallon
as discussed in Section 2.5.

TABLE 7-3.  Annual costs and cost effectiveness for a steam injection system for each GE
Model 7B simple cycle CTG.

Capital Recovery Cost $374,000 Based on the Total Capital Cost in Table 7-2.
0

Fuel Penalty Cost $24.,000 1.0% Hegt Rate Loss and NG $3.00/MMBtu
(see Section 2.4)

Demineralized Water Cost $95.900 11b steam per 1b fuel and $0.02103/gal (see
Section 2.5).

Maintenance Cost The NOx ACT indicates no additional turbine

Plant Overhead $0 | maintenance cost for steam injection.

$136,200 | ., .

General & Adm., Taxes, Insurance (GATI) 4% of Total Capital Cost

TOTAL ANNUAL COST 3630,100

Emission Reduction 163.0 | ton NOy/year

Cost Effectiveness 33,870 $ per ton of NOx controlled

Footnotes

1. Costs are based on the Gas Turbine ACT Document.

From Table 7-3, even assuming a potential emission reduction of 163.0 tons per year based on a worst-case
uncontrolled NOyx emission rate of 0.50 Ib NO/MMBtu, a controlled NOx emission rate of 0.092 1b/MMBtu,
and a capacity factor of 10%, the use of steam injection on each GE Model 7B simple cycle CTG would












DLN Combustion

13.2

$5,627,000

$617,800

$3,310

Selective Catalytic
Reduction (SCR)

13.2

$7,414,000

$1,218,100

$6,530
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